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ABSTRACT

Disclosed are methods for producing hydrocarbons from a subterranean reservoir. The methods
comprise penetrating the subterranean reservoir with a plurality of well pairs that are laterally displaced
across a well pad in an array. The methods further comprise operating the plurality of well pairs under
a first set of conditions that induce a solvent-concentration gradient, a temperature gradient, or a
combination thereof within the subterranean reservoir by: (i) injecting varying concentrations of steam,
solvent, or combinations thereof across the array, and (ii) producing hydrocarbons from the reservoir
via the plurality of well pairs. The methods further comprise operating the plurality of well pairs under a
second set of conditions that delocalize the solvent-concentration gradient, the temperature gradient, or

the combination thereof across the array to enhance hydrocarbon production.
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HYDROCARBON-PRODUCTION METHODS EMPLOYING MULTIPLE SOLVENT
PROCESSES ACROSS A WELL PAD

TECHNICAL FIELD

[0001] The present disclosure generally relates to methods for in-situ hydrocarbon
production that involve injecting solvent into a reservoir to mobilize viscous hydrocarbons. In
particular, the present disclosure relates to hydrocarbon-production methods employing

multiple solvent processes across a well pad.
BACKGROUND

[0002] Viscous hydrocarbons can be extracted from some subterranean reservoirs
using in-situ production processes. Some in-situ production processes are thermal processes
wherein heat energy is introduced to a reservoir to lower the viscosity of hydrocarbons in situ
such that they can be recovered from a production well. In some thermal processes, heat
energy is introduced by injecting a heated injection fluid into the reservoir by way of an
injection well. Steam-assisted gravity drainage (SAGD) is a representative thermal-recovery

process that uses steam to mobilize hydrocarbons in situ.

[0003] Some thermal recovery processes employ injection fluids that include solvent,
optionally in combination with steam. These processes are referred to generally as “solvent
processes” or “solvent technologies”, and they are often further categorized based on the
amount of solvent included in the injection fluid. Solvent-aided processes (SAP) are one such
category. In the context of the present disclosure, SAP injection fluids comprise less than
about 50% solvent and greater than about 50% steam on a mass basis. Solvent-driven
processes (SDP) are another such category. In the context of the present disclosure, SDP
injection fluids comprise greater than about 50% solvent and less than about 50% steam on
a mass basis. Solvent only (SO) processes, as the name implies, employ injection fluids that
are substantially free of steam and comprised exclusively (or almost exclusively) of solvent.
In most SAP, SDP, and/or SO processes, the solvent component of the injection fluid is

primarily in the gas phase as it passes from the injection well into the reservoir.
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[0004] Solvent processes are typically employed as one phase in a broader
production profile. For example, a well may be transitioned through: (i) a start-up phase
during which hydraulic communication is established between the injection well and the
production well; (ii) a SAGD phase during which a production chamber expands primarily in
a vertical direction from the injection well and mobilized hydrocarbons are recovered from the
production well along with condensed steam; (iii) an SAP, SDP, and/or SO phase during
which injected solvent facilitates further chamber growth and hydrocarbon mobilization such
that solvent and mobilized hydrocarbons are produced via the production well; and (iv) a
blow-down phase during which non-condensable gas is injected to recover residual
hydrocarbons and solvent that would otherwise remain stranded. In some cases, a well may
be transitioned from a start-up phase to a SAP, SDP, and/or SO phase without an intervening
SAGD phase.

[0005] To date, much of the research and development relating to solvent processes
has been directed at determining how best to employ SAP, SDP, and/or SO technologies
individually and/or how to best transition from one such technology to another over time (e.g.
how and when to transition from SAP to SDP). In both cases, the approaches reported to
date tend to consider operations at a single well or a single well pair and then extrapolate out
to consider broader economic, production, and/or facility implications. However, many of the
nuances associated with solvent processes are tied to inter-well dynamics that are not easily
captured with single well and/or single well pair considerations. There is an unmet need for
hydrocarbon production methods that take advantage of inter-well dynamics to capitalize on

opportunities across the well pad as a whole.
SUMMARY

[0006] As individual technologies, SAGD, SAP, SDP, and SO processes each have
strengths and weaknesses. The present disclosure posits that at least some of the
weaknesses of any one such technology can be offset by the strengths of another provided
the technologies are deployed and operated in strategic plurality across an array. Specifically,
the results of the present disclosure evidence that improved production metrics can be
achieved when a well pad comprising an array of well pairs is operated to induce localized
solvent-concentration gradients and/or localized temperature gradients, and then to

delocalize the gradient(s) across the array. As an archetypal example, operating an array of
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well pairs on a pad with: (i) peripheral well pairs using SAGD and/or SAP injection fluids, and
(i) medial well pairs using SDP and/or SO injection fluids, can induce steep temperature
gradients in proximity to the peripheral well pairs and/or steep solvent-concentration
gradients in proximity to the medial well pairs, and inter-well pressure differentials can be
used to drive the delocalization of at least one such gradient in pursuit of improved cumulative
steam-oil ratios (cSOR) and/or solvent-oil ratios (cSovOR) across the well pad as a whole. In
this way, the previously localized and steep gradients are distributed across the array — the
technologies “blend” -- and the weakness(es) of one technology are offset by the strength(s)
of another. In the present archetypal example, the solvent-lean peripheral well pairs benefit
from an influx of solvent and/or the solvent-rich medial well pairs benefit from an influx of heat
energy. The results of the present disclosure highlight the potential for the methods disclosed
herein to provide improved recovery over both conventional approaches (e.g. SAGD only)

and over more sophisticated comparators.

[0007] Select embodiments of the present disclosure relate to a method for producing
hydrocarbons from a subterranean reservoir. The method comprises penetrating the
subterranean reservoir with a plurality of well pairs that are laterally displaced across a well
pad in an array. The method further comprises operating the plurality of well pairs under a
first set of conditions that induce a solvent-concentration gradient, a temperature gradient, or
a combination thereof within the subterranean reservoir by: (i) injecting varying
concentrations of steam, solvent, or combinations thereof across the array, and (ii) producing
hydrocarbons from the reservoir via the plurality of well pairs. The method further comprises
operating the plurality of well pairs under a second set of conditions that delocalize the
solvent-concentration gradient, the temperature gradient, or the combination thereof across

the array to enhance hydrocarbon production.

[0008] Other aspects and features of the methods of the present disclosure will
become apparent to those ordinarily skilled in the art upon review of the following description

of specific embodiments.
BRIEF DESCRIPTION OF THE DRAWINGS

[0009] These and other features of the present disclosure will become more apparent

in the following detailed description in which reference is made to the appended drawings.
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The appended drawings illustrate one or more embodiments of the present disclosure by way

of example only and are not to be construed as limiting the scope of the present disclosure.

[0010] FIG. 1 shows a plan-view schematic of a well pad configured for executing a

method in accordance with the present disclosure.

[0011] FIG. 2 shows a schematic illustration of a typical well pair configuration in a
hydrocarbon reservoir, which are operable to implement an embodiment of the present

disclosure.

[0012] FIG. 3A and FIG. 3B show profile-view half-symmetry reservoir models of
temperature distribution and solvent distribution after three years of operating a method in

accordance with the present disclosure.

[0013] FIG. 4 shows a plot of cumulative steam-oil ratio (cSOR) as a function of time
for a method in accordance with the present disclosure along with comparative SAGD and

steam/solvent-averaged plots.

[0014] FIG. 5 shows a plot of water cut as a function of time for a method in
accordance with the present disclosure along with comparative SAGD and steam/solvent-

averaged plots.

[0015] Error! Reference source not found.. 6 shows a plot of cumulative solvent-oil
ratio (cSovOR) as a function of time for a method in accordance with the present disclosure

along with comparative SO and steam/solvent-averaged plots.

[0016] Error! Reference source not found.. 7 shows a plot of solvent concentration
as a function of horizontal distance from first edge well pair for a series of methods in

accordance with the present disclosure.

[0017] Errorl Reference source not found.. 8 shows a plot of gaseous solvent
production as a function of time for a series of methods in accordance with the present

disclosure.
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DETAILED DESCRIPTION

[0018] Embodiments of the present disclosure will now be described by reference to
FIG. 1 to FIG. 8.
[0019] As noted above, steam assisted gravity drainage (SAGD), solvent-aided

processes (SAP), solvent-driven processes (SDP), and solvent only (SO) processes are used
for in-situ hydrocarbon recovery In the context of the present disclosure, SAP injection fluids
comprise less than about 50% solvent and greater than about 50% steam on a mass basis,
SDP injection fluids comprise greater than about 50% solvent and less than about 50% steam
on a mass basis, and SO processes employ injection fluids that are substantially free of
steam and comprised exclusively (or almost exclusively) of solvent. Those skilled in the art
will appreciate that SAGD, SAP, SDP, and SO processes can each be implemented in a
variety of ways, such that these each of these categories comprise a plurality of more specific
embodiments. For example, high-temperature solvent only (HTSO), low-temperature solvent

only (LTSO), and vapour extraction (VAPEX) are non-limiting examples of SO processes.

[0020] A high-level summary of the strengths and weaknesses of SAGD, SAP, SDP,
and SO processes is set out in Table 1 with respect to, for example, technology maturity,

green-house gas (GHG) emission intensity, solvent consumption/recycling requirements, etc.

[0021] Table 1: Strengths and Weaknesses for various technologies employed
during in-situ hydrocarbon recovery.
Technology | Strengths Weaknesses
SAGD - Highest heat energy available | - Highest energy intensity
to reduce bitumen viscosity - Highest GHG emissions intensity
- Most mature technology - Excessive steam use
- Zero solvent-recycling costs - Highest water-treatment costs
SAP - Substantial heat energy - Substantial energy intensity
available to reduce bitumen - Substantial GHG emissions
viscosity intensity
- Minimal solvent requirement - Excessive steam use
- modest solvent-recycling costs | - Substantial risk of solvent-
containment
- Substantial water-treatment costs
SDP - Efficient use of steam / heat - Substantial risk of insufficient heat
energy injection
5
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- Modest energy intensity - Substantial solvent requirement
- Modest GHG emissions - Substantial solvent-recycling costs
intensity - Substantial risk of solvent-

- Modest water-treatment costs containment

SO - Sufficient heat energy - Highest risk of insufficient heat
- Zero steam requirement injection
- Lowest energy intensity - Highest solvent requirement
- Lowest GHG emissions - Highest solvent recycling costs
intensity - Highest risk of solvent containment
- Lowest water-treatment costs - Least mature technology
[0022] The information in Table 1 highlights a useful phenomenon — at a high level,

there is balanced duality across the spectrum of strengths and weaknesses when the various
technologies are considered in terms of the relative amount of solvent included in the injection
fluid. Where one technology is weak, its counterpart is strong, and vice versa. Recognizing
that the strengths of one technology have the potential to offset the weaknesses of another,
the present disclosure asserts that deploying multiple technologies across an array such that
they complement each other can lead to improved production for the array as a whole. The
methods of the present disclosure harness this potential by arranging and operating
complementary technologies in strategic plurality across a well pad — first to induce local
solvent-concentration gradients and/or temperature gradients and then to delocalize the

gradients across the array.

[0023] Select embodiments of the present disclosure relate to a method for producing
hydrocarbons from a subterranean reservoir, the method comprising: penetrating the
subterranean reservoir with a plurality of well pairs that are laterally displaced across a well
pad in an array; operating the plurality of well pairs under a first set of conditions that induce
a solvent-concentration gradient, a temperature gradient, or a combination thereof within the
subterranean reservoir by: (i) injecting varying concentrations of steam, solvent, or
combinations thereof across the array, and (ii) producing hydrocarbons from the reservoir via
the plurality of well pairs; and operating the plurality of well pairs under a second set of
conditions that delocalize the solvent-concentration gradient, the temperature gradient, or the

combination thereof across the array to enhance hydrocarbon production.
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[0024] To illustrate the strategies underlying the methods of the present disclosure,
consider a hydrocarbon production process that is operated on a well pad as shown
schematically in FIG. 1. In FIG. 1, a well pad 100 comprises a set of eight well pairs as
indicated with reference numbers 102, 104, 106, 108, 110, 112, 114, and 116. The well pairs
102, 104, 106, 108, 110, 112, 114, and 116 comprise substantially horizontal sections that
are laterally displaced from — and substantially parallel to — one another such that they create
an array. Following the orientation of the array, the well pad 100 can be characterized as
comprising a medial section 118 that is flanked by a pair of peripheral sections 120 and 122.
In this respect, the terms “medial” and “peripheral” do not imply any particular area or shape.
Instead, they merely denote a relative condition of being closer/further from the edge (or

centre) of the well pad such that, for example, well pair 102 is peripheral to well pair 108.

[0025] In a method in accordance with the present disclosure, the well pad 100 is
operated as follows: (i) the well pairs 102 and 116 are operated under SAGD conditions, (ii)
the well pairs 104 and 114 are operated under SAP conditions, (iii) the well pairs 106 and
112 are operated under SDP conditions; and (iv) the well pairs 108 and 110 are operated
under SO conditions. Operating in this manner induces steep localized temperature gradients
in the peripheral sections 120 and 122, which are solvent lean relative to the medial section
118. Likewise, operating in this manner provides steep localized solvent-concentration
gradients in the medial section 118, and the medial section 118 is solvent rich relative to the
peripheral sections 120 and 122. Over time, further operating the well pairs 102, 104, 106,
108, 110, 112, 114, and/or 116 increases thermal and hydraulic communication
therebetween, and this affords increasing opportunity to delocalize the solvent-concentration
gradients and/or the temperature gradients across the array. The results of the present
disclosure evidence that doing so can provide improved production metrics when considered

across the well pad as a whole.

[0026] Delocalizing solvent-concentration gradients and/or temperature gradients
across the array can be achieved by a variety of methods. In select embodiments of the
present disclosure, inter-well pressure differentials may be employed to this end. For
example, with further reference to FIG. 1, the bottom-hole pressures (BHP) of the well pairs
102 and 116 relative to the well pairs 108 and 110, respectively, may be modulated to provide
a pressure-based driving force that delocalizes solvent away from the medial section 118 and

towards the peripheral sections 120 and 122, such that the solvent-lean well pairs benefit
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from an increase in solvent concentration. In other words, methods of the present disclosure
enable in-situ solvent recycling, wherein injected solvent is used to increase production at a
first well pair and then delocalized across a plurality of well pairs without requiring it to be
produced to the surface, treated, and re-injected. Likewise, the BHP of the well pairs 102 and
116 relative to the well pairs 108 and 110, respectively, may be modulated to a pressure-
based driving force that delocalizes heat energy away from the peripheral sections 120 and
122 and towards the medial section 118, such that the solvent-rich well pairs benefit from an

increase in temperature.

[0027] Importantly, inter-well-pair pressure differentials are not required to execute
the methods of the present disclosure. For example, as set out in the Examples below with
further reference to FIG. 1, the well pairs 102, 104, 106, 108, 110, 112, 114, and/or 116 may
be operated at substantially the same pressure, and the solvent-concentration gradients

and/or temperature gradients can still be delocalized to provide improved recovery.

[0028] The well-pair arrays of the present disclosure can be characterized by an
abbreviated nomenclature where the various technologies are listed in acronym form and
separated by “/ punctuation marks to indicate a transition to an adjacent well pair. For
example, the well-pair array shown schematically in FIG. 1 can be characterized as
SAGD/SAP/SDP/SO/SO/SDP/SAP/SAGD. The same nomenclature can be applied to
describe an array that is one of a multi-array well pad. For example, well pairs 102,104, and
106 in FIG. 1 can be characterized as a SAGD/SAP/SDP array within the well pad 100.

[0029] In select embodiments of the present disclosure, the array comprises a
SAGD/SAP/SDP/SO well-pair configuration. In select embodiments of the present disclosure,
the array comprises a SAGD/SAP/SDP well-pair configuration. In select embodiments of the
present disclosure, the array comprises a SAP/SDP/SO well-pair configuration. In select
embodiments of the present disclosure, the array comprises a SAGD/SDP/SO well-pair
configuration. In select embodiments of the present disclosure, the array comprises a
SAGD/SAP/SO well-pair configuration. In select embodiments of the present disclosure, the
array comprises a SAGD/SAP well-pair configuration. In select embodiments of the present
disclosure, the array comprises a SAGD/SDP well-pair configuration. In select embodiments
of the present disclosure, the array comprises a SAGD/SO well-pair configuration. In select

embodiments of the present disclosure, the array comprises a SAP/SDP well-pair

Date regue / Date received 2021-11-04



10

15

20

25

30

VA8145042CA

configuration. In select embodiments of the present disclosure, the array comprises a
SAP/SO well-pair configuration. In select embodiments of the present disclosure, the array
comprises an SDP/SO well-pair configuration. Those skilled in the art, who have benefited
from the teachings of the present disclosure, will understand how to select an appropriate
array for operating the methods of the present disclosure having regard to, for example, the
particular reservoir geology, well configurations, solvent selection, temperature profiles,

pressure profiles, and/or production objectives.

[0030] In select embodiments of the present disclosure, the array is substantially
bilaterally symmetrical. The SAGD/SAP/SDP/SO/SO/SDP/SAP/SAGD array of FIG. 1 is an
example of a bilaterally symmetric array. Bilaterally symmetric arrays may comprise as few
as three well pairs, such as a SAGD/SDP/SAGD array.

[0031] In select embodiments of the present disclosure, the array is a two-well-pair
array, a three-well-pair array, a four-well-pair array, a five-well-pair array, a six-well-pair array,
a seven-well-pair array, an eight-well-pair array, a nine-well-pair array, a ten-well-pair array,
an eleven-well-pair array, a twelve-well-pair array, a thirteen-well-pair array, a fourteen-well-
pair array, a fifteen-well-pair array, a sixteen-well-pair array, a seventeen-well-pair array, an

eighteen-well-pair array, a nineteen-well-pair array, or a twenty-well-pair array.

[0032] In select embodiments of the present disclosure, the well pad further
comprises a second plurality of well pairs that are not part of the array. Accordingly,
delocalizing a solvent-concentration gradient and/or temperature gradient across an array
does not necessarily imply delocalization across an entire well pad. Moreover, delocalizing a
solvent-concentration gradient and/or temperature gradient across an array does not imply
delocalization across every well pair of the array. In select embodiments of the present
disclosure, the second set of conditions delocalize the solvent-concentration gradient, the
temperature gradient, or the combination thereof across: (i) about 20 % of the array, (ii) about
30 % of the array, (iii) about 40 % of the array, (iv) about 50 % of the array, (v) about 60 %
of the array, (vi) about 70 % of the array, (vii) about 80 % of the array, (viii) about 90 % of the
array, or (ix) about 100 % of the array. Those skilled in the art, who have benefited from the
teachings of the present disclosure, will understand how to select an appropriate

delocalization target for operating the methods of the present disclosure having regard to, for
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example, the particular reservoir geology, well configurations, solvent selection, temperature

profiles, pressure profiles, and/or production objectives.

[0033] In select embodiments of the present disclosure, the second set of conditions
provide bottom-hole pressure (BHP) values that differ between adjacent well pairs within the
array by: (i) between about 0 kPa and about 500 kPa, (ii) between about 50 kPa and about
350 kPa, or (iii) between about 100 kPa and about 300 kPa. Those skilled in the art who have
benefitted from the teachings of the present disclosure will appreciate that the selection of an
appropriate inter-well pressure differential may involve considerations with respect to well
spacing, vertical and/or horizontal permeability, porosity, temperature gradients, solvent

parameters, and the like.

[0034] In select embodiments of the present disclosure, the second set of conditions
provide bottom-hole pressure (BHP) values that are substantially the same between adjacent

well pairs within the array.

[0035] In select embodiments of the present disclosure, the second set of conditions
provide BHP values that are substantially consistent along the well pairs. In select
embodiments of the present disclosure, the second set of conditions provide BHP values that
are distributed substantially asymmetrically along the well pairs. For example, in select
embodiments of the present disclosure, BHP values may by distributed asymmetrically along
a well pair to modulate chamber conformance. Those skilled in the art who have benefitted
from the teachings of the present disclosure will appreciate that, for example, flow control
devices may be employed to prioritize chamber development in proximity to one or more
sections of the injection well by preferentially distributing injection fluids towards the toe

and/or heel of the injection well.

[0036] The second set of conditions delocalize the solvent-concentration
gradient, the temperature gradient, or the combination thereof over a period of: (i)
between about 1 month and about 36 months, (ii) between about 6 months and
about 30 months, or (iii) between about 12 months and about 24 months. Those
skilled in the art who have benefitted from the teachings of the present disclosure will
appreciate that the time required to delocalize the solvent-concentration gradient, the

temperature gradient, or the combination thereof may involve considerations with

10
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respect to well spacing, inter-well pressure differentials, vertical and/or horizontal

permeability, porosity, temperature gradients, solvent parameters, and the like.

[0037] In select embodiments of the present disclosure, the injecting of varying
concentrations of steam, solvent, or combinations thereof across the array comprises
injecting a first injection fluid into a first well pair within the array and injecting a second
injection fluid into a second injection well pair within the array, and wherein the first injection
fluid has a solvent concentration that is at least about 10 wt % higher than that of the second
injection fluid. In select embodiments of the present disclosure, the first injection fluid has the
solvent concentration of the first injection fluid is: (i) at least about 20 wt % higher, (ii) at least
about 30 wt. % higher, (iii) at least about 40 wt. % higher, (iv) at least about 50 wt.% higher,
(v) at least about 60 wt. % higher, (vi) at least about 70 wt. % higher, or (vii) at least about 80
wt. % higher, than that of the second injection fluid. Accordingly, in the context of the present
disclosure, categories such as SAGD, SAP, SDP, SO, are categories of convenience that
are not limiting on the scope of the present disclosure. Likewise, using an alternative method
to categorize a particular technology does not influence the extent to which it falls within the
scope of the present disclosure. Those skilled in the art will appreciate that, regardless of
their categorization, solvent technologies can be characterized with respect to their
concentration in an injection fluid, for example by wt. %, wt. ratio, vol. %, vol. ratio, mol. %,
and/or mol. ratio. Those skilled in the art will readily understand how to convert from one such
characterization to another having regard to the particular parameters associated with the

operation.

[0038] In select embodiments of the present disclosure, the first well pair and the

second well pair are adjacent well pairs.

[0039] In select embodiments of the present disclosure, the injecting varying
concentrations of steam, solvent, or combinations thereof comprises injecting increasing
concentrations of solvent in a substantially linear fashion across at least a portion of the array.
For example, with reference to FIG. 1, well pairs 102, 104, 106, and 108 may be operated
with injection fluids comprising 0 wt. %, 33 wt. %, 67 wt. %, and 100 wt. % solvent,

respectively.

11
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[0040] In select embodiments of the present disclosure, the injecting varying
concentrations of steam, solvent, or combinations thereof comprises injecting increasing
concentrations of solvent in a substantially non-linear fashion across at least a portion of the
array For example, with reference to FIG. 1, well pairs 102, 104, 106, and 108 may be
operated with injection fluids comprising 0 wt. %, 5 wt. %, 67 wt. %, and 100 wt. % solvent,
respectively. In this case, the highest concentration gradient is likely to occur between well
pairs 104 and 106. As a second example, with reference to FIG. 1, well pairs 102, 104, 106,
and 108 may be operated with injection fluids comprising 0 wt. %, 40 wt. %, 50 wt. %, and
100 wt. % solvent, respectively. In this case, the highest concentration gradient is likely to

occur between well pairs 106 and 108.

[0041] In select embodiments of the present disclosure, the plurality of well pairs
within the array have an average well spacing of: (i) between about 20 meters and about 200
meters, (ii) between about 20 meters and about 150 meters, or (iii) between about 50 meters
and about 100 meters. In select embodiments of the present disclosure, the plurality of well
pairs are laterally displaced across the well pad such that the array comprises substantially
consistent well spacing. In select embodiments of the present disclosure, the plurality of well
pairs are laterally displaced across the well pad such that the array comprises variable well

spacing.

[0042] In select embodiments of the present disclosure, the first conditions and the

second conditions are the substantially same.

[0043] In select embodiments of the present disclosure, the first conditions and the
second conditions are different, and wherein the first conditions are transitioned to the second
conditions in response to a time-based trigger, a production-based trigger, an economic

trigger , or a combination thereof.

[0044] In select embodiments of the present disclosure, the solvent comprises

propane, butane, diluent, natural gas condensate, or a combination thereof.

[0045] In select embodiments of the present disclosure, the subterranean reservoir
comprises a thin pay zone, and wherein the temperature gradient is delocalized into the thin

pay zone. In select embodiments of the present disclosure, the subterranean reservoir

12
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comprises a heterogeneous pay zone, and wherein the temperature gradient is delocalized

into the heterogeneous pay zone.

[0046] In select embodiments of the present disclosure, the subterranean reservoir
comprises a thin pay zone, and wherein the solvent-concentration gradient is delocalized into
the thin pay zone. In select embodiments of the present disclosure, the subterranean
reservoir comprises a heterogeneous pay zone, and wherein the solvent-concentration

gradient is delocalized into the heterogeneous pay zone.

[0047] In select embodiments of the present disclosure, one or more of the plurality

of well pairs is single well.

[0048] FIG. 2 shows a schematic illustration of a typical well pair configuration in a
hydrocarbon reservoir, which may be used in conjunction with other well pairs to implement
an embodiment of the present disclosure. The well pair may be configured and arranged

similar to a typical well pair configuration for SAGD operations.

[0049] InFIG. 2, the reservoir is indicated by reference number 200, and the reservoir
contains heavy hydrocarbons below an overburden 210. Under natural conditions before any
treatment, reservoir 200 is at a relatively low temperature, such as about 12 °C, and the
reservoir pressure may be from about 0.1 MPa to about 4 MPa, depending on the location

and other characteristics of the reservoir.

[0050] The well pair includes an injection well 220 and a production well 230, which
have horizontal sections extending substantially horizontally in reservoir 200, and which are
drilled and completed for injecting injection fluids and producing hydrocarbons from reservoir
200. As depicted in FIG. 2, the well pair is typically positioned away from the overburden 210
and near the bottom of the pay zone or geological stratum in reservoir 200, as can be

appreciated by those skilled in the art.

[0051] As is typical, injection well 220 may be vertically spaced from production well
230, such as at a distance of about 3 m to about 8 m, e.g., 5 m. The distance between the
injection well and the production well may vary and may be selected to optimize the operation
performance within technical and economical constraints, as can be understood by those

skilled in the art. In select embodiments of the present disclosure, the horizontal sections of
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wells 220 and 230 may have a length of about 800 m. In other embodiments, the length may
be varied as can be understood and selected by those skilled in the art. Wells 220 and 230
may be configured and completed according to any suitable techniques for configuring and
completing horizontal in situ wells known to those skilled in the art. Injection well 220 and
production well 230 may also be referred to as the "injection well" and "production well",

respectively.

[0052] The overburden 210 may be a cap layer or cap rock. Overburden 210 may be
formed of a layer of impermeable material such as clay or shale. A region in the reservoir 200

just below and near overburden 210 may be considered as an interface region 215.

[0053] As illustrated, wells 220 and 230 are connected to respective corresponding
surface facilities, which typically include an injection surface facility 240 and a production
surface facility 250. Surface facility 240 is configured and operated to supply injection fluids,
such as steam and solvent, into injection well 220. Surface facility 250 is configured and
operated to produce fluids collected in production well 230 to the surface. Each of surface
facilities 240, 250 includes one or more fluid pipes or tubing for fluid communication with the
respective well 220 or 230. As depicted for illustration, surface facility 240 may have a supply
line connected to a steam generation plant for supplying steam for injection, and a supply
connected to a solvent source for supplying the solvent for injection. Optionally, one or more
additional supply lines may be provided for supplying other fluids, additives or the like for co-
injection with steam or the solvent. Each supply line may be connected to an appropriate
source of supply (not shown), which may include, for example, a steam generation plant, a
boiler, a fluid mixing plant, a fluid treatment plant, a truck, a fluid tank, or the like. In select
embodiments of the present disclosure, co-injected fluids or materials may be pre-mixed
before injection. In other embodiments, co-injected fluids may be separately supplied into
injection well 220. In particular, surface facility 240 is used to supply steam and a selected
solvent into injection well 220. The solvent may be pre-mixed with steam at surface before
co-injection. Alternatively, the solvent and steam may be separately fed into injection well
220 for injection into formation 200. Optionally, surface facility 240 may include a heating

facility (not separately shown) for pre-heating the solvent before injection.

[0054] As illustrated, surface facility 250 includes a fluid transport pipeline for

conveying produced fluids to a downstream facility (not shown) for processing or treatment.
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Surface facility 250 includes necessary and optional equipment for producing fluids from
production well 230, as can be understood by those skilled in the art. An embodiment of
surface facility 250 includes one or more valves for regulating the fluid flow in the liquid line
of the produced fluid. The valve(s) may be a choke valve, such as an inline globe valve. The
valve may be selected and configured to control the "backpressure" and the flow rate in the

liquid line (also referred to as the emulsion line in the art).

[0055] Other necessary or optional surface facilities 260 may also be provided, as
can be understood by those skilled in the art. For example, surface facilities 260 may include
one or more of a pre-injection treatment facility for treating a material to be injected into the
formation, a post-production treatment facility for treating a produced material, a control or
data processing system for controlling the production operation or for processing collected
operational data. Surface facilities 240, 250 and 260 may also include recycling facilities for
separating, treating, and heating various fluid components from a recovered or produced
reservoir fluid. For example, the recycling facilities may include facilities for recycling water

and solvents from produced reservoir fluids.

[0056] Injection well 220 and production well 230 may be configured and completed
in any suitable manner as can be understood or is known to those skilled in the art, so long
as the wells are compatible with injection and recovery of heavy hydrocarbons. For example,
in different embodiments, the well completions may include perforations, slotted liner,
screens, and/or outflow control devices such as in injection well 220. For simplicity, other
necessary or optional components, tools or equipment that are installed in the wells are not

shown in the drawings as they are not particularly relevant to the present disclosure.

[0057] The methods of the present disclosure may be executed as part of a broader
production lifecycle comprising a start-up phase, a ramp-up phase, a production phase, and
a wind-down/blowdown phase. In an exemplary start-up phase, fluid communication between
wells 220 and 230 is established in a manner that may be similar to the initial start-up phase
in a conventional SAGD process. To permit drainage of mobilized hydrocarbons and
condensate to production well 230, fluid communication between wells 220, 230 must be
established. Fluid communication refers to fluid flow between the injection and production
wells. Establishment of such fluid communication typically involves mobilizing viscous

hydrocarbons in the reservoir to form a drainage fluid and removing the drainage fluid to
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create a porous pathway between the wells. In the context of the present disclosure, a
drainage fluid may comprise a liquid phase and a gas phase, and the liquid phase may
comprise mobilized hydrocarbons. To form a drainage fluid, viscous hydrocarbons may be
mobilized by heating such as by injecting or circulating pressurized steam or hot water
through injection well 220 or production well 230. In some cases, steam may be injected into,
or circulated in, both injection well 220 and production well 230 for faster start-up. A pressure
differential may be applied between injection well 220 and production well 230 to promote
steam/hot water penetration into the porous reservoir area that lies between the wells of the
well pair. The pressure differential may promote fluid flow and convective heat transfer to

facilitate communication between the wells.

[0058] As is typical, the injection and production wells 220, 230 have terminal
sections that are substantially horizontal and substantially parallel to one another. A person
of skill in the art will appreciate that while there may be some variation in the vertical or lateral
trajectory of the injection or production wells, causing increased or decreased separation
between the wells, such wells for the purpose of this application will still be considered
substantially horizontal and substantially parallel to one another. Spacing, both vertical and
lateral, between injection wells and production wells may be optimized for establishing start-

up or based on reservoir conditions.

[0059] Additionally or alternatively, other techniques may be employed during the
start-up phase. For example, to facilitate fluid communication, a solvent may be injected into
the reservoir region around and between the injection and production wells 220, 230. The
region may be soaked with a solvent before or after steam injection. An example of start-up
using solvent injection is disclosed in CA 2,698,898. In further examples, the start-up phase
may include one or more start-up processes or techniques disclosed in CA 2,886,934, CA
2,757,125, or CA 2,831,928.

[0060] Once fluid communication between injection well 220 and production well 230
has been achieved, oil production or recovery may commence. As the oil production rate is
typically low initially and will increase as the production chamber develops, the early
production phase is known as the "ramp-up" phase. During the ramp-up phase, steam, with
or without a solvent, is typically injected continuously into injection well 220, at constant or

varying injection pressure and temperature. At the same time, drainage fluids comprising
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mobilized heavy hydrocarbons and aqueous condensate are continuously removed from
production well 230. During ramp-up, the zone of communication between injection well 220
and production well 230 may continue to expand axially along the full length of the horizontal
portions of wells 220, 230.

[0061] As the injected fluid heats up reservoir 200, heavy hydrocarbons in the heated
region are softened, resulting in reduced viscosity. Further, as heat is transferred from steam
to reservoir 200, steam and solvent vapour condense. The aqueous and solvent condensate
and mobilized hydrocarbons will drain downward due to gravity. As a result of depletion of
the heavy hydrocarbons, a porous region is formed in reservoir 200, which is referred to
herein as a "production chamber". When a production chamber is filled with mainly steam, it
is commonly referred to in the art as a "steam chamber." As the drainage fluids drain towards
production well 230, they are taken up into production well 230 via one or more of the plurality
of flow-inlet components 270. As discussed in detail below, individual flow-inlet components
may be configured to choke-off gas ingress, such that the plurality flow-inlet components —
taken together — serve to prioritize emulsion flow into the production well 230. As such, the
drainage fluids collecting in proximity to the production well 230 are likely to be characterized
by higher gas:liquid ratios than the production fluids inside the production well 230. In the
context of the present disclosure, production fluids are those which are transferred to the
surface, such as by gas lifting or through pumping with a pump 207 as is known to those

skilled in the art.

[0062] At the point of injection into the reservoir 200, or in the injection well 220, the
injected fluid/mixture may be at a temperature that is selected to optimize the production
performance and efficiency. For example, for a given solvent to be injected the injection
temperature may be selected based on the boiling point (or saturation) temperature of the
solvent at the expected operating pressure in the reservoir. For propane, the boiling
temperature is about 2 °C at about 0.5 MPa, and about 77 °C at about 3 MPa. For a different
solvent, the injection temperature may be higher if the boiling point temperature of that
solvent at the reservoir pressure is higher. In different embodiments and applications, the
injection temperature may be substantially higher than the boiling point temperature of the
solvent by, e.g., about 5 °C to about 200 °C, depending on various operation and performance
considerations. In some embodiments, the injection temperature may be from about 50 °C to

about 320 °C, and at a pressure from about 0.5 MPa to about 12.5 MPa, such as from about

17

Date regue / Date received 2021-11-04



10

15

20

25

30

VA8145042CA

0.6 MPa to about 5.1 MPa or up to about 10 MPa. At an injection pressure of about 3 MPa,
the injection temperature for propane may be from about 80 °C to about 250 °C, and the
injection temperature for butane may be from about 100 °C to about 300 °C. The injection
temperature and pressure are referred to as injection conditions. Those skilled in the art will
appreciate that the injection conditions may vary in different embodiments depending on, for
example, the type of hydrocarbon recovery process implemented or the mobilizing agents
selected, as well as various factors and considerations for balancing and optimizing
production performance and efficiency. The injection temperature should not be too high as
a higher injection temperature will typically require more heating energy to heat the injected
fluid. Further, the injection temperature should be limited to avoid coking hydrocarbons in the
reservoir formation. In some oil sands reservoirs, the coking temperature of the bitumen in

the reservoir is about 350 °C.

[0063] Once injected steam and/or vapour enter the reservoir, their temperature may
drop under the reservoir conditions. The temperatures at different locations in the reservoir
will vary as typically regions further away from injection well 220, or at the edges of the
production chamber, are colder. During operations, the reservoir conditions may also vary.
For example, the reservoir temperatures can vary from about 10 °C to about 275 °C, and the
reservoir pressures can vary from about 0.6 MPa to about 7 MPa depending on the stage of
operation. The reservoir conditions may also vary in different embodiments. As noted above,
injected steam and solvent condense in the reservoir mostly at regions where the reservoir
temperature is lower than the dew point temperature of the solvent at the reservoir pressure.
Condensed steam (water) and/or solvent can mix with the mobilized bitumen to form drainage
fluids. It is expected that in a typical reservoir subjected to steam/solvent injection, the
drainage fluids include a stream of condensed steam (or water, referred to as the water
stream herein). The water stream may flow at a faster rate (referred to as the water flow rate
herein) than a stream of mobilized bitumen containing oil (referred to as the oil stream herein),
which may flow at a slower rate (referred to as the oil flow rate herein). The drainage fluids
can be drained to the production well by gravity. The mobilized bitumen may still be
substantially more viscous than water, and may drain at a relatively low rate if only steam is
injected into the reservoir. However, condensed solvent may dilute the mobilized bitumen

and increase the flow rate of the oil stream.
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[0064] Thus, injected steam and vapour of the solvent both assist to mobilize the
viscous hydrocarbons in the reservoir 200. A drainage fluid formed in the production chamber
may include oil, condensed steam (water), and a condensed phase of the solvent. The
reservoir fluid is drained by gravity along the edge of production chamber into production well

230 for recovery of oil.

[0065] In various embodiments, the solvent may be selected so that dispersion of the
solvent in the production chamber, as well as in the drainage fluid increases the amount of
oil contained in the fluid and increases the flow rate of oil stream from production chamber to
the production well 230. When solvent condenses (forming a liquid phase) in the production
chamber, it can be dispersed in the drainage fluid to increase the rate of drainage of the oil

stream from the reservoir 200 into the production well 230.

[0066] After the produced fluids are surfaced, the solvent and water may be
separated from oil in the produced fluids by a method known in the art depending on the
particular solvent(s) involved. The separated water and solvent can be further processed by
known methods, and recycled to the injection well 220. In some embodiments, the solvent is
also separated from the produced water before further treatment, re-injection into the

reservoir, or disposal.

[0067] As mentioned above, the production chamber forms and expands due to
depletion of hydrocarbons and other in situ materials from regions of reservoir 200 above the
injection well 220. Injected steam/solvent vapour tend to rise up to reach the top of production
chamber before they condense, and steam/solvent vapour can also spread laterally as they
travel upward. During early stages of chamber development, the production chamber
expands upwardly and laterally from injection well 220. During the ramp-up phase and the
early production phase, the production chamber can grow vertically towards overburden 210.
At later phases, after the production chamber has reached the overburden 210, the
production chamber may expand mainly laterally. Depending on the size of reservoir 200 and
the pay therein and the distance between injection well 220 and overburden 210, it can take
a long time, such as many months and up to two years, for the production chamber to reach
overburden 210, when the pay zone is relative thick as is typically found in some operating
oil sands reservoirs. However, it will be appreciated that in a thinner pay zone, the production

chamber can reach the overburden sooner. The time to reach the vertical expansion limit can
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also be longer in cases where the pay zone is higher or highly heterogeneous, or the
formation has complex overburden geologies such as with inclined heterolithic stratification

(HIS), top water, top gas, or the like.

[0068] In some embodiments of the present disclosure, at early stages of oil
production, steam may be injected without a solvent. The solvent may be added as a
mobilizing agent after the production chamber has reached or is near the top of the pay zone,
e.g., near or at the lower edge of the overburden 210 or after the oil production rate has
peaked. The solvent can dissolve in oil and dilute the oil stream so as to increase the mobility
and flow rate of hydrocarbons or the diluted oil stream towards production well 230 for
improved oil recovery. Other materials in liquid or gas form may also be added to the injection

fluid to enhance recovery performance.

[0069] The start-up, ramp-up, and production phases may be conducted according
to any suitable conventional techniques known to those skilled in the art except the aspects
described herein, and the other aspects will therefore not be detailed herein for brevity. As
an example, during production, such as at the end of an initial production period with steam
injection, the formation temperature in the production chamber can reach about 235 °C and
the pressure in the production chamber may be about 3 MPa. The temperature or pressure

may vary by about 10 % to about 20 %.

[0070] As mentioned earlier, in a particular embodiment where propane is used as
the solvent, the injection temperature of the steam-propane mixture may be about 80 °C to
about 250 °C. In other embodiments, the injection temperature may be selected based on
the boiling point temperature of the solvent at the selected injection pressure. Of course,
depending on the reservoir and the application, the chamber temperature and pressure may
also vary in different embodiments. For example, in various embodiments, steam may be
injected at a temperature from about 150 °C to about 330 °C and a pressure from about 0.1
MPa to about 12.5 MPa. In some embodiments, the highest temperature in the production
chamber may be from about 50 °C to about 350 °C and the pressure in the production

chamber may be from about 0.1 MPa to about 7 MPa.
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[0071] In further embodiments, it may also be possible that steam is injected at a
temperature sufficient to heat the solvent such that the injected solvent has a maximum

temperature of between about 50 °C and about 350 °C within the production chamber.

[0072] A suitable solvent may be selected based on a number of considerations and
factors as discussed herein. The solvent should be injectable as a vapour, and can dissolve
at least one of the heavy hydrocarbons to be recovered from reservoir 200 in the solvent-
steam process for increasing mobility of the heavy hydrocarbons. The solvent may be a
viscosity-reducing solvent, which reduces the viscosity of the heavy hydrocarbons in

reservoir 200.

[0073] It is noted that steam injection with solvent injection can conveniently facilitate
transportation of the solvent as a vapour with steam to the steam front. Steam is typically a
more efficient heat-transfer medium than a solvent, and can increase the reservoir
temperature more efficiently and more economically, or maintain the production chamber at
a higher temperature. The heat, or higher formation temperature in a large region in the
formation, can help to maintain the solvent in the vapour phase and assist dispersion of the
solvent to the chamber edges ("steam front"). The heat from steam can also by itself assist
reduction of viscosity of the hydrocarbons. However, injecting steam requires more heating

energy and inject steam at a too high ratio can reduce the energy efficiency of the process.

[0074] The solvent is injected into reservoir 200 in a vapour phase. Injection of the
solvent in a vapour phase allows the solvent vapour to travel in the production chamber and
condense at a region away from injection well 220. Allowing solvent to travel in production
chamber before condensing may achieve beneficial effects. For example, oil production
performance, such as indicated by one or more of oil production rate, cumulative steam to oil
ratio (cSOR), and overall efficiency, may be improved. Injection of solvent in the gaseous
phase, rather than a liquid phase, may allow vapour to rise in production chamber before
condensing so that condensation occurs away from injection well 220. It is noted that injecting
solvent vapour into the production chamber does not necessarily require solvent be fed into
the injection well in vapour form. The solvent may be heated downhole and vaporized in the
injection well 220 in some embodiments. Alternatively, the solvent may be injected into

another well or other wells for more efficient delivery of the solvent to desired locations in the
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reservoir. The additional well(s) may include a vertical well, a horizontal well, or a well drilled

according to the well drilled using Wedge Well™ technology.

[0075] The total injection pressure for solvent and steam co-injection may be the
same or different than the injection pressure during a conventional SDP production process.
For example, the injection pressure may be maintained at between about 2 MPa and about
3.5 MPa, or up to about 4 MPa. In another example, steam may be injected at a pressure of
about 3 MPa initially, while steam and solvent are co-injected at a pressure of about 2 MPa

to about 3.5 MPa during co-injection.

[0076] The solvent may be heated before or during injection to vaporize the solvent.
Additionally or alternatively, solvent may be mixed or co-injected with steam to heat the
solvent to vaporize it and to maintain the solvent in vapour phase. Depending on whether the
solvent is pre-heated at surface, the weight ratio of steam in the injection stream should be
high enough to provide sufficient heat to the co-injected solvent to maintain the injected
solvent in the vapour phase. If the feed solvent from surface is in the liquid phase, more
steam may be required to both vaporize the solvent and maintain the solvent in the vapour

phase as the solvent travels through the production chamber.

[0077] In different embodiments, co-injection of steam and the solvent may be carried
out in a number of different ways or manners as can be understood by those skilled in the
art. For example, co-injection of the solvent and steam into the production chamber may
include gradually increasing the weight ratio of the solvent in the co-injected solvent and
steam, and gradually decreasing the weight ratio of steam in the co-injected solvent and
steam. At a later stage, the solvent content in the co-injected solvent and steam may be
gradually decreased, and the steam content in the co-injected solvent and steam may be
gradually increased. For example, depending on market factors, the cost of solvent may
change over the life of a steam-solvent process. During or after the solvent-steam process,
it may be of economic benefit to gradually decrease the solvent content and gradually
increase the steam content. Solvent injection is expected to result in increased mobility of at
least some of the heavy hydrocarbons of reservoir formation 200. For example, some
solvents such as propane and butane are expected to dissolve in and dilute heavy oil thus
increasing the mobility of the oil. The effectiveness and efficiency of the solvent depends on

the solubility and diffusion of the solvent in hydrocarbons. Slow diffusion or low solubility of
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the solvent in the hydrocarbons can limit the effect of the solvent on oil drainage rate.
Therefore, the operation conditions may be modified to increase solvent diffusion and
solubility to optimize process performance and efficiency. The term "mobility" is used herein
in a broad sense to refer to the ability of a substance to move about, and is not limited to the
flow rate or permeability of the substance in the reservoir. For example, the mobility of heavy
hydrocarbons may be increased when they become more mobile, or when heavy
hydrocarbons attached to sands become easier to detach from the sands, or when immobile
heavy hydrocarbons become mobile, even if the viscosity or flow rate of the hydrocarbons
has not changed. The mobility of heavy hydrocarbons may also be increased by decreasing
the viscosity of the heavy hydrocarbons, or when the effective permeability, such as through
bituminous sands, is increased. Additionally or alternatively, increasing heavy hydrocarbon

mobility may be achieved by heat transfer from solvent to heavy hydrocarbons.

[0078] Additionally or alternatively, solvent may otherwise accelerate production. For
example, a non-condensable gas, such as methane, may propel a solvent, such as propane,
downwards thereby enhancing lateral growth of the production chamber. For example, such

propulsion may be part of a blowdown phase.

[0079] Conveniently, a solvent-steam process where solvent is co-injected with
steam requires less steam as compared to the SAGD production phase. Injection of less
steam may reduce water and water treatment costs required for production. Injection of less
steam may also reduce the need or costs for steam generation for an oil production project.
Steam may be produced at a steam generation plant using boilers. Boilers may heat water
into steam via combustion of hydrocarbons such as natural gas. A reduction in steam
generation requirement may also reduce combustion of hydrocarbons, with reduced emission

of greenhouse gases such as, for example, carbon dioxide.

[0080] Once the oil production process is completed, the operation may enter an
ending or winding down phase, with a process known as the "blowdown" process. The
"blowdown" phase or stage may be performed in a similar manner as in a conventional SAGD
process. During the blowdown stage, a non-condensable gas may be injected into the
reservoir to replace steam or the solvent. For example, the non- condensable gas may be
methane. In addition, methane may enhance hydrocarbon production, for example by about

10 % within 1 year, by pushing the already injected solvent through the chamber.
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[0081] Alternatively, in an embodiment a solvent may be continuously utilized through
a blowdown phase, in which case it is possible to eliminate or reduce injection of methane
during blowdown. In particular, it is not necessary to implement a conventional blowdown
phase with injected methane gas, when a significant portion of the injected solvent can be
readily recycled and reused. In some embodiments, during or at the end of the blowdown
phase, methane or another non-condensable gas (NCG) may be used to enhance solvent
recovery, where the injected methane or other non- condensable gas may increase solvent
condensation and thus improve solvent recovery. For example, injected methane or other

NCG may mobilize gaseous solvent in the chamber to facilitate removal of the solvent.

[0082] During the blowdown phase, oil recovery or production may continue with
production operations being maintained. When methane is used for blowdown, oil production
performance will decline over time as the growth of the vapour front in production chamber

slows under methane gas injection.

[0083] At the end of the production operation, the injection wells may be shut in but
solvent (and some oil) recovery may be continued, followed by methane injection to enhance
solvent recovery. The formation fluid may be produced until further recovery of fluids from
the reservoir is no longer economical, e.g. when the recovered oil no longer justifies the cost
for continued production, including the cost for solvent recycling and re-injection. In some
embodiments, before, during or after the blowdown phase, production of fluids from the
reservoir through production well 230 may continue. An embodiment of the production control
process disclosed herein may be used, or adapted to use, during the blowdown phase to
control the produced gas phase such as methane when steam and methane are produced
during the blowdown phase. The solvent for injection may be selected based on a number of
criteria. As discussed above, the solvent should be injectable as a vapour, and can dissolve
at least one of the heavy hydrocarbons to be recovered from reservoir 200 in the solvent-
steam process for increasing mobility of the heavy hydrocarbons. Conveniently, increased
hydrocarbon mobility can enhance drainage of the reservoir fluid toward and into production
well 230. In a given application, the solvent may be selected based on its volatility and
solubility in the reservoir fluid. For example, in the case of a reservoir with a thinner pay zone
(e.g., the pay zone thickness is less than about 8 m), or a reservoir having a top gas zone or

water zone, the solvent may be injected in a liquid phase in the solvent-steam process.
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[0084] Suitable solvents may include C3 to C5 hydrocarbons such as, propane,
butane, pentane, or a combination thereof such as in a diluent composition. Additionally or
alternatively, a C6 hydrocarbon such as hexane could be employed. A combination of
solvents including C3-C6 hydrocarbons and one or more heavier hydrocarbons may also be
suitable in some embodiments. Suitable solvents may include a condensate. Condensates
often comprise hydrocarbons in the range of C3 to C12 or higher. The condensates may
primarily comprise light end compounds — those hydrocarbons of such a mixture having the
lowest number of carbon atoms, typically C1 to C7, but possibly higher in some cases. Such
light end compounds have the lowest molecular weights, and are generally the more volatile
of the hydrocarbon compounds of the mixture. Solvents that are more volatile, such as those
that are gaseous at standard temperature and pressure (STP), or significantly more volatile
than steam at reservoir conditions, such as propane or butane, may be beneficial in some

embodiments.

[0085] For selecting a suitable solvent, the properties and characteristics of various
candidate solvents may be considered and compared. For a given selected solvent, the
corresponding operating parameters during co-injection of the solvent with steam should also

be selected or determined in view the properties and characteristics of the selected solvent.

[0086] In particular, the injection temperature should be sufficiently high and the
injection pressure should be sufficiently low to ensure most of the solvent will be injected in
the vapour phase into the production chamber. In this context, injection temperature and
injection pressure refer to the temperature and pressure of the injected fluid in the injection
well, respectively. The temperature and pressure of the injected fluid in the injection well may
be controlled by adjusting the temperature and pressure of the fluid to be injected before it
enters the injection well. The injection temperature, injection pressure, or both, may be
selected to ensure that the solvent is in the gas phase upon injection from the injection well
into the production chamber. Solvents may be selected having regard to reservoir
characteristics such as, the size and nature of the pay zone in the reservoir, properties of
fluids involved in the process, and characteristics of the formation within and around the
reservoir. For example, a relatively light hydrocarbon solvent such as propane may be
suitable for a reservoir with a relatively thick pay zone, as a lighter hydrocarbon solvent in the

vapour phase is typically more mobile within the heated production chamber.
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[0087] Additionally or alternatively, solvent selection may include consideration of the
economics of heating a selected particular solvent to a desired injection temperature. For
example, as can be appreciated by those skilled in the art, lighter solvents, such as propane
and butane, can be efficiently injected in the vapour phase at relatively low temperatures at
a given injection pressure. In comparison, efficient pure steam injection in a SAGD process

typically requires a much higher injection temperature, such as about 200 °C or higher.

[0088] Heavier solvents typically also require a higher injection temperature. For
example, pentane may need to be heated to about 190 °C for injection in the vapour phase
at injection pressures up to about 3 MPa. In comparison, a light solvent such as propane may
be injected at temperatures as low as about 50 °C to about 70 °C depending on the reservoir

pressure.

[0089] Different solvents or solvent mixtures may be suitable candidates. For
example, the solvent may be propane, butane, or pentane. A mixture of propane and butane
may also be used in an appropriate application. It is also possible that a selected solvent
mixture may include heavier hydrocarbons in proportions that are, for example, low enough

that the mixture still satisfies the above described criteria for selecting solvents.

[0090] In some embodiments, the vapour pressure profile of the solvent may be
selected such that the partial pressure of the solvent in a central (core) region of the
production chamber is within about 0.25 % to about 20 % of the total gas pressure, or the

vapour pressure of water/steam.

[0091] It may be desirable if the solvent and steam can vaporize and condense under
similar temperature and pressure conditions, which will conveniently allow vapour of the
solvent to initially rise up with the injected steam to penetrate the rock formation in the
production chamber, and then condense with the steam to form a part of the mobilized
reservoir fluid. For example, in some embodiments, the solvent may have a boiling point that
resembles the boiling point of water under the steam injection conditions such that it is
sufficiently volatile to rise up with the injected steam in vapour form when penetrating the
steam chamber and then condense at the edge of the steam chamber. The boiling
temperature of the solvent may be near the boiling temperature of water at the same

pressure.
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[0092] Conveniently, when the solvent has vaporization characteristics that
resemble, closely match, those of water under the reservoir conditions, the solvent can
condense when it reaches the steam front or the edge of the steam chamber, which is
typically at a lower temperature such as at about 12 °C to about 150 °C. The condensed
solvent may be soluble in or miscible with either the hydrocarbons in the reservoir fluid or the
condensed water, so as to increase the drainage rate of the hydrocarbons in the fluid through

the reservoir formation.

[0093] The condensed solvent is soluble in oil, and thus can dilute the oil stream,
thereby increasing the mobility of oil in the fluid mixture during drainage. In some
embodiments, the condensed solvent is also soluble in or miscible with the condensed water,
which may lead to increased water flow rate by promoting formation of oil-in-water emulsions.
Without being limited to any particular theory, the dispersion of the solvent and the steam
may facilitate the formation of an oil-in-water emulsion under suitable reservoir conditions
and also increase the fraction of oil carried by the fluid mixture. As a result, more oil may be

produced for the same amount of, or less, steam, which is desirable.

[0094] A possible mechanism for improving mobility of oil is that the solvent can act
as a diluent due to its solubility in oil and optionally water, thus reducing the viscosity of the
resulting fluid mixture. The solvent may interact at the oil surface to reduce capillary and

viscosity forces.

[0095] A vapour mixture of steam and the solvent may be delivered into production
chamber using any suitable delivery mechanism or route. For example, injection well 220
may be conveniently used to deliver the vapour mixture. A mobilizing fluid or agent may be
injected in the form of a mixture of steam and solvent (e.g., mixed ex-situ), or separate

streams may be injected into the injection well 220 for mixing in the injection well 220.

Examples

Example 1

[0096] State-of-the-art simulation protocols were used to compare an archetypal

method of the present disclosure to two conventional processes using a well characterized

27

Date regue / Date received 2021-11-04



VA8145042CA

field well to set reservoir parameters. Relevant parameters for the comparison are set out in

Table 2.

[0097] Table 2: Simulation parameters used for comparison of a method in

accordance with the present disclosure against conventional processes.

Technology Reservoir Property Value
All Porosity 0.34
All Horizontal Permeability 6435 mD
All Vertical Permeability 3217 mD
All Pay Thickness 8m
All Well Spacing 60m
All Injection Pressure 3,000 kPa
SAP/SDP/HTSO Solvent Type Propane
SAP Solvent Concentration 10 wt. %
SDP Solvent Concentration 60 wt. %.
HTSO Injection Temperature 300 °C
SAGD/SAP/SDP Recovery Factor before 60 %
Blowdown
HTSO Recovery Factor before 50 %
Blowdown
5
[0098] The present example employs a well-pad configuration similar to the one
shown schematically in FIG. 1, wherein, for the method in accordance with the present
disclosure:
i) well pairs 102 and 116 are configured for SAGD (injection fluid = 0 wt. %
10 solvent and 100 wt. % steam);
i) well pairs 104 and 114 are configured for SAP (injection fluid = 10 wt. %
solvent and 90 wt. % steam);
i) well pairs 106 and 112 are configured for SDP (injection fluid = 60 wt. %
solvent and 40 wt. % steam); and
15 iv) well pairs 108 and 110 are configured for HTSO (injection fluid = 100 wt.
% solvent and 0 wt. % steam).
[0099] In the present example, the two conventional methods used for comparative

purposes are “SAGD” and “steam/solvent-averaged”, respectively. In the SAGD method, well
pairs 102, 104, 106, 108, 110, 112, 114, and 116 are each configured for SAGD (injection
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fluid composition = 0 wt. % solvent and 100 wt. % steam). In the steam/solvent-averaged
method, well pairs 102, 104, 106, 108, 110, 112, 114, and 116 are each configured for to
inject an injection-fluid comprising 42.5 wt. % solvent and 57.5 wt. % steam, which equates
to the weighted-average solvent concentration employed across the well pad in the method

of the present disclosure.

[00100] FIG. 3A and FIG. 3B show profile-view half-symmetry reservoir models of
temperature distribution and solvent distribution after three years of operating a method in
accordance with the present disclosure. FIG. 3A and FIG. 3B include lead lines and reference
numbers to indicate the position of well pairs 102, 104, 106, and 108 (reference numbers
110, 112, 114, and 116 are not shown in the half-symmetry reservoir model). For ease of

reference, the relevant technology types are included beside the reference numerals.

[00101] FIG. 3A shows that, for the method in accordance with the present disclosure,
the temperature gradients are delocalizing towards adjacent well pairs. For example, the
temperature gradient from SAP well pair 104 is progressively spreading, such that
hydrocarbons in proximity to SDP well 106 are progressively warmed. The overall trend of
temperature-gradient delocalization between wells 102, 104, 106, and 108 is generally
indicated in FIG. 3A with a dashed arrow. Note, even though the injection temperature of the
HTSO process is relatively high (300 °C), the temperature gradient it induces has relatively
little delocalization potential, because of the relatively low specific heat capacity of the

solvent.

[00102] FIG. 3B shows that, for the method in accordance with the present disclosure,
the solvent-concentration gradients are delocalizing towards adjacent well pairs. For
example, the solvent-concentration gradients of well pairs 104 and 106 are sufficiently
delocalized to create a continuous solvent gradient between the well pairs. The overall trend
of solvent-gradient delocalization between wells 102, 104, 106, and 108 is generally indicated
in FIG. 3B with a dashed arrow.

[00103] FIG. 4 shows a plot of cumulative steam-oil ratio (cSOR) as a function of time
for the method in accordance with the present disclosure along with the comparative SAGD
and steam/solvent-averaged plots. In FIG. 4, the plot associated with the method in

accordance with the present disclosure is indicated by reference number 402, while the plots
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associated with the SAGD and steam/solvent-averaged processes are indicated by reference
numbers 404 and 406, respectively. Comparing plots 402, 404, and 406 highlights that the
method of the present disclosure provides improved cSOR as compared to both the SAGD

and steam/solvent-averaged processes.

[00104] FIG. 5 shows a plot of water cut as a function of time for a method in
accordance with the present disclosure along with comparative SAGD and steam/solvent-
averaged plots. In FIG. 5, the plot associated with the method in accordance with the present
disclosure is indicated by reference number 502, while the plots associated with the SAGD
and steam/solvent-averaged processes are indicated by reference numbers 504 and 506,
respectively. Comparing plots 502, 504, and 506 highlights that the method of the present
disclosure provides improved water cut percentages as compared to both the SAGD and

steam/solvent-averaged processes.

[00105] Error! Reference source not found.. 6 shows a plot of cumulative solvent-oil
ratio (cSowOR) as a function of time for a method in accordance with the present disclosure
along with comparative HTSO and steam/solvent-averaged plots. In FIG. 6, the plot
associated with the method in accordance with the present disclosure is indicated by
reference number 602, while the plots associated with the HTSO and steam/solvent-
averaged processes are indicated by reference numbers 604 and 606, respectively.
Comparing plots 602, 604, and 606 highlights that the method of the present disclosure
provides improved ¢S, OR as compared to both the HTSO and steam/solvent-averaged

processes.

[00106] The subsurface advantages exemplified in FIGS. 4 to 6 are likely to yield
additional advantages at the surface-facilities level. For example, a surface treating facility
designed to handle 60% water cut can be significantly less expensive than one required to
handle 80% water cut. This is due to the cost of separator efficiency being non-linear with

diminishing returns to scale.

[00107] Error! Reference source not found.. 7 shows a plot of solvent concentration
as a function of horizontal distance from first edge well pair for a series of methods in
accordance with the present disclosure. With reference to FIG. 1, the horizontal distance form

the first edge well pair can be consider the distance from well pair 102 to well pairs 104, 106,
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and 108, respectively. For example, in an embodiment where the inter-well-pair spacing is
about 60 m, the horizontal distance from well pair 102 to well pair 104 is 60 m, the horizontal
distance between well pair 102 and well pair 106 is 120 m and the horizontal distance

between well pair 102 and well par 108 is 180 m.

[00108] Table 3: Example concentrations that maximizes different concentration
gradients in the methods of the present disclosure.
Distance from 706 704 702
edge of first edge
well pair
0 0 0 0
60 10 33.3333 50
120 60 66.6667 70
180 100 100 100
[00109] In FIG. 7, plot 704 correlates with a method where injecting varying

concentrations of steam, solvent, or combinations thereof comprises injecting increasing
concentrations of solvent in a substantially linear fashion across at least a portion of the array.
In FIG. 7, plots 702 and 706 correlate with methods where injecting varying concentrations
of steam, solvent, or combinations thereof comprises injecting increasing concentrations of
solvent in a non-linear fashion across at least a portion of the array. In particular, plot 702
correlates with a method where a steep solvent-concentration gradient is established
between well pairs 102 and 104, and plot 706 correlates with a method where a steep solvent-

concentration gradient is established between well pairs 104 and 106.

Example 2

[00110] State-of-the-art simulation protocols were used to compare pressure effects
across a series of methods in accordance with the present disclosure. The simulations

modeled a SAGD/SAP/SAGD well configuration using the parameters set out in Table 4.

[00111] Table 4: Simulation parameters used to model a series of methods in
accordance with the present disclosure having different inter-well pressure differentials.
Technology Reservoir Property Value

All Porosity 0.34

All Horizontal Permeability 6435 mD

All Vertical Permeability 3217 mD

All Pay Thickness 8m

All Well Spacing 60m
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SAP Solvent Type Propane
SAP Solvent Concentration 10 wt. %
[00112] In the present example, the peripheral SAGD well pairs were modeled as if

operated at an injection pressure of 3,000 kPa, and the injection pressure for the medial SAP
well pair was modelled as if operated at: (i) 3,000 kPa; (ii) 3,100 kPa; (iii) 3,200 kPa; and (iv)
3,300 kPa, across a four-simulation trial. Accordingly, the four-simulation trial represents
inter-well pressure differentials of 0 kPa, 100 kPa, 200 kPa, and 300 kPa. FIG. 8 provides a
plot 800 of the rates of gaseous solvent recovery from the peripheral SAGD well pairs as a
function of time for the four-simulation trial (on mass basis). In FIG. 8, the gas production rate
function for the trail representing a 0 kPa inter-well pressure differential is indicated by
reference number 802, and the function remains at zero across the evaluation period (i.e.
about 1,250 days to about 1,680 days) indicating an absence of solvent production via the
peripheral SAGD well pairs when the inter-well pressure differential was 0 kPa. In FIG. 8, the
gas-production-rate function for the trials representing inter-well pressure differentials of 100
kPa, 200 kPa, and 300 kPa are indicated by reference numbers 804, 806, and 808,
respectively. The relative onset points for gas-production rate functions 804, 806, and 808
indicate that the rate of solvent migration varies based on the inter-well injection pressure,
and that relatively modest pressure differentials (such as 100 kPa) are sufficient to drive
solvent migration. The trials representing 100 kPa, 200 kPa, and 300 kPa inter-well pressure
differentials correlate with solvent production onset from the peripheral SAGD wells at about

1,486 days, 1,364 days, and 1,267 days, respectively.

[00113] In the present disclosure, all terms referred to in singular form are meant to
encompass plural forms of the same. Likewise, all terms referred to in plural form are meant
to encompass singular forms of the same. Unless defined otherwise, all technical and
scientific terms used herein have the same meaning as commonly understood by one of

ordinary skill in the art to which this disclosure pertains.

[00114] As used herein, the term “about” refers to an approximately +/-10 % variation
from a given value. It is to be understood that such a variation is always included in any given

value provided herein, whether or not it is specifically referred to.
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[00115] It should be understood that the compositions and methods are described in

terms of "comprising," "containing," or "including" various components or steps, the
compositions and methods can also "consist essentially of or "consist of the various
components and steps. Moreover, the indefinite articles "a" or "an," as used in the claims,

are defined herein to mean one or more than one of the element that it introduces.

[00116] For the sake of brevity, only certain ranges are explicitly disclosed herein.
However, ranges from any lower limit may be combined with any upper limit to recite a range
not explicitly recited, as well as, ranges from any lower limit may be combined with any other
lower limit to recite a range not explicitly recited, in the same way, ranges from any upper
limit may be combined with any other upper limit to recite a range not explicitly recited.
Additionally, whenever a numerical range with a lower limit and an upper limit is disclosed,
any number and any included range falling within the range are specifically disclosed. In
particular, every range of values (of the form, "from about a to about b," or, equivalently, "from
approximately a to b," or, equivalently, "from approximately a-b") disclosed herein is to be
understood to set forth every number and range encompassed within the broader range of
values even if not explicitly recited. Thus, every point or individual value may serve as its own
lower or upper limit combined with any other point or individual value or any other lower or

upper limit, to recite a range not explicitly recited.

[00117] Therefore, the present disclosure is well adapted to attain the ends and
advantages mentioned as well as those that are inherent therein. The particular embodiments
disclosed above are illustrative only, as the present disclosure may be modified and practiced
in different but equivalent manners apparent to those skilled in the art having the benefit of
the teachings herein. Although individual embodiments are dis-cussed, the disclosure covers
all combinations of all those embodiments. Furthermore, no limitations are intended to the
details of construction or design herein shown, other than as described in the claims below.
Also, the terms in the claims have their plain, ordinary meaning unless otherwise explicitly
and clearly defined by the patentee. It is therefore evident that the particular illustrative
embodiments disclosed above may be altered or modified and all such variations are
considered within the scope and spirit of the present disclosure. If there is any conflict in the
usages of a word or term in this specification and one or more patent(s) or other documents
that may be incorporated herein by reference, the definitions that are consistent with this

specification should be adopted.
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[00118] Many obvious variations of the embodiments set out herein will suggest
themselves to those skilled in the art in light of the present disclosure. Such obvious variations

are within the full intended scope of the appended claims.
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Claims:

1. A method for producing hydrocarbons from a subterranean reservoir, the method

comprising:

penetrating the subterranean reservoir with a plurality of well pairs that are laterally

displaced across a well pad in an array;,

operating the plurality of well pairs under a first set of conditions that induce a solvent-
concentration gradient, a temperature gradient, or a combination thereof within the
subterranean reservoir by: (i) injecting varying concentrations of steam, solvent, or
combinations thereof across the array, and (ii) producing hydrocarbons from the reservoir via

the plurality of well pairs; and

operating the plurality of well pairs under a second set of conditions that delocalize
the solvent-concentration gradient, the temperature gradient, or the combination thereof

across the array to enhance hydrocarbon production.

2. The method of claim 1, wherein the array is a two-well-pair array, a three-well-pair
array, a four-well-pair array, a five-well-pair array, a six-well-pair array, a seven-well-pair
array, an eight-well-pair array, a nine-well-pair array, a ten-well-pair array, an eleven-well-
pair array, a twelve-well-pair array, a thirteen-well-pair array, a fourteen-well-pair array, a
fifteen-well-pair array, a sixteen-well-pair array, a seventeen-well-pair array, an eighteen-

well-pair array, a nineteen-well-pair array, or a twenty-well-pair array.
3. The method of claim 1 or 2, wherein the array is substantially bilaterally symmetrical.

4. The method of any one of claims 1 to 3, wherein the array comprises a
SAGD/SAP/SDP/SO well-pair configuration.

5. The method of any one of claim 1 to 3, wherein the array comprises a
SAGD/SAP/SDP well-pair configuration.

6. The method of any one of claims 1 to 3, wherein the array comprises a SAP/SDP/SO

well-pair configuration.

7. The method of any one of claims 1 to 3, wherein the array comprises a
SAGD/SDP/SO well-pair configuration.
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8. The method of any one of claims 1 to 3, wherein the array comprises a SAGD/SAP/SO

well-pair configuration.

9. The method of any one of claims 1 to 8, wherein the well pad further comprises a

second plurality of well pairs that are not part of the array.

10. The method of any one of claims 1 to 9, wherein the second set of conditions
delocalize the solvent-concentration gradient, the temperature gradient, or the combination
thereof across: (i) about 20 % of the array, (ii) about 30 % of the array, (iii) about 40 % of the
array, (iv) about 50 % of the array, (v) about 60 % of the array, (vi) about 70 % of the array,
(vii) about 80 % of the array, (viii) about 90 % of the array, or (ix) about 100 % of the array.

11. The method of any one of claims 1 to 10, wherein the second set of conditions provide
bottom-hole pressure (BHP) values that differ by: (i) between about 0 kPa and about 500
kPa, (ii) between about 50 kPa and about 350 kPa, or (iii) between about 100 kPa and about

300 kPa, as defined between adjacent well pairs within the array.

12. The method of any one of claims 1 to 10, wherein the second set of conditions provide
bottom-hole pressure (BHP) values that are substantially the same between adjacent well

pairs within the array.

13. The method of claim 11 or 12, wherein the second set of conditions BHP values that

are substantially consistent along the well pairs.

14. The method of claim 11 or 12, wherein the second set of conditions provide BHP

values that are distributed substantially asymmetrically along the well pairs.

15. The method of any one of claims 1 to 14, wherein the second set of conditions
delocalize the solvent-concentration gradient, the temperature gradient, or the combination
thereof over a period of: (i) between about 1 month and about 36 months, (ii) between about

6 months and about 30 months, or (iii) between about 12 months and about 24 months.

16. The method of any one of claims 1 to 15, wherein the injecting of varying
concentrations of steam, solvent, or combinations thereof across the array comprises
injecting a first injection fluid into a first well pair within the array and injecting a second

injection fluid into a second injection well pair within the array, and wherein the first injection
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fluid has a solvent concentration that is at least about 10 wt % higher than that of the second

injection fluid.

17. The method of claim 16, wherein the first injection fluid has the solvent concentration
of the first injection fluid is: (i) at least about 20 wt % higher, (ii) at least about 30 wt. % higher,
(iii) at least about 40 wt. % higher, (iv) at least about 50 wt.% higher, (v) at least about 60 wt.
% higher, (vi) at least about 70 wt. % higher, or (vii) at least about 80 wt. % higher, than that

of the second injection fluid.

18. The method of claim 16 or 17, wherein the first well pair and the second well pair are

adjacent well pairs.

19. The method of any one of claims 1 to 18, wherein the injecting varying concentrations
of steam, solvent, or combinations thereof comprises injecting increasing concentrations of

solvent in a substantially linear fashion across at least a portion of the array.

20. The method of any one of claims 1 to 18, wherein the injecting varying concentrations
of steam, solvent, or combinations thereof comprises injecting increasing concentrations of

solvent in a substantially non-linear fashion across at least a portion of the array.

21. The method of any one of claims 1 to 20, wherein the plurality of well pairs within the
array have an average well spacing of: (i) between about 20 meters and about 200 meters,
(ii) between about 20 meters and about 150 meters, or (iii) between about 50 meters and

about 100 meters.

22. The method of any one of claims 1 to 21, wherein the plurality of well pairs are laterally
displaced across the well pad such that the array comprises substantially consistent well

spacing.

23. The method of any one of claims 1 to 21, wherein the plurality of well pairs are laterally

displaced across the well pad such that the array comprises variable well spacing.

24, The method of any one of claims 1 to 23, wherein the first conditions and the second

conditions are the substantially same.

25. The method of any one of claims 1 to 23, wherein the first conditions and the second

conditions are different, and wherein the first conditions are transitioned to the second
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conditions in response to a time-based trigger, a production-based trigger, an economic

trigger, or a combination thereof.

26. The method of any one of claims 1 to 25, wherein the solvent comprises propane,

butane, diluent, natural gas condensate, or a combination thereof.

27. The method of any one of claims 1 to 26, wherein the subterranean reservoir
comprises a thin pay zone, and wherein the temperature gradient is delocalized into the thin

pay zone.

28. The method of any one of claims 1 to 26, wherein the subterranean reservoir
comprises a heterogeneous pay zone, and wherein the temperature gradient is delocalized

into the heterogeneous pay zone.

29. The method of any one of claims 1 to 26, wherein the subterranean reservoir
comprises a thin pay zone, and wherein the solvent-concentration gradient is delocalized into

the thin pay zone.

30. The method of any one of claims 1 to 26, wherein the subterranean reservoir
comprises a heterogeneous pay zone, and wherein the solvent-concentration gradient is

delocalized into the heterogeneous pay zone.

31. The method of any one of claims 1 to 30, wherein one or more of the plurality of well

pairs is a single well.
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