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ABSTRACT

A system for metering flow of a fluid has a vibratable
flowtube for receiving a multiphase fluid flow. A driver is
configured to vibrate the flowtube. A pair of sensors is
positioned to detect movement of the flowtube at different
locations on the flowtube. Pressure and temperature sensors are
positioned to measure a pressure of the fluid. One or more
processors are configured to use a phase difference between the
sensor signals to determine a fluid flow rate through the
 flowtube. The one or more processors are further configured to
determine an amount of dissolved gas in the multiphase fluid
using the pressure, the temperature, and the relative amounts

the multiple liquids in the multiphase fluid.
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Systems and Methods for Multiphase Flow Metering
Accounting for Dissolved Gas

FIELD OF INVENTION

[0001] The present invention relates generally to
flowmeters and more specifically to Coriolis flowmeters that are

adapted to measure multiphase fluids.

BACKGROUND

[0002] Various different flowmeters are used in industry to
provide information about the flow rate of multiphase fluids.
The fluids that are metered can include mixtures of liquids and
gases. This situation is commonly encountered in the oil and gas
industry, where the fluids produced are commonly a mixture of
oil, water, and gas. However, the need to meter multiphase
fluids also occurs in other industries as well.

[0003] One type of flowmeter is a Coriolis flowmeter. A
Coriolis flowmeter includes an electronic transmitter and a |
vibratable flowtube through which fluid to be metered can be
passed. The transmitter maintains flowtube vibration by sending
a drive signal to one or more drivers and performs measurement
calculations based on signals from a pair of sensors that
measure movement of the flowtube. The physics of the device
dictate that Coriolis forces act along a section of the flowtﬁbe
between the sensors, resulting in a phase difference between the
generally sinusoidal sensor signals. This phase difference is
generally proportional to the mass flow rate of the fluid
passing through the measurement section of the flowtube. Thus,
the phase difference provides a basis for a mass flow
measurement of fluid flowing through the flowtube. The frequency
of oscillation of the flowtube of a Coriolis meter varies with

the density of the process fluid in the flowtube. The frequency
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value can be extracted from the sensor signals (for example by
calculating the time delay between consecutive zero crossings)
so that the density of the fluid can also be obtained by

analyzing the sensor signals.

[0004] Coriolis meters are widely used throughout various
different industries. The direct measurement of mass flow is
frequently preferred over volumetric-based metering, for
whereas the density and/or volume of a material may vary with
temperature and/or pressure, mass is unaffected. This is
particularly important in the oil and gas industry, where
energy content and hence product value is a function of mass.
The term ‘Net 0il’ is used in the oil and gas industry to
describe the o0il flow rate within a three-phase or a liguid
(oil/water) stream. A common objective in the oil and gas
industry is to determine the net oil produced by each well in a
plurality of wells because this information can be important
when making decisions affecting production from an oil and gas
field and/or for optimizing production from an oil and gas
field.

[0005] The inclusion of gas in a ligquid stream introduces
errors in the mass flow and density measurements of a Coriolis
meter. Laboratory trials can be used to characterize how mass
flow rate and density errors relate to other parameters, such
as the observed flow rate and observed reduction in density
from that of the pure fluid. These trials can be used to
develop empirical models that provide corrections to account
for some of the error associated with the presence of
multiphase fluids including gas and ligquid phases. These
empirically-based corrections can result in improved

performance of Coriolis meters in field operations. Additional
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details concerning use of a Coriolis meter to meter multiphase
fluids are provided in U.S. Patent Nos. 6,311,136; 6,505,519;
6,950,760; 7,059,199; 7,313,488; 7,617,055; and 8,892,371.

[0006] The present inventors have made various
improvements, which will be described in detail below, applicable
to the field of Coriolis flowmeters and applicable to the field

of net oil and gas testing.

SUMMARY

[0007] One aspect of the invention is a system for metering
flow of a multiphase fluid, the system comprising: a vibratable
flowtube for receiving the multiphase fluid flow; a driver
configured to vibrate the flowtube; a pair of sensors configured
to detect movement of the flowtube at different locations on the
flowtube and output sensor signals indicative of the detected
movement; a pressure sensor configured to measure a pressure of
the multiphase fluid; a temperature sensor configured to measure
a temperature of the multiphase fluid; and one or more pProcessors
configured to receive the sensor signals from the pair of sensors
configured to detect movement of the flowtube, determine a phase
difference between the sensor signals from the pair of sensors
configured to detect movement of the flowtube, and use the
determined phase difference to determine a fluid flow rate
through the flowtube, wherein the one or more processors are
further configured to: receive a signal from the pressure sensor
indicative of the pressure of the multiphase fluid in the
flowtube; receive a signal from the temperature sensor indicative
of the temperature of the multiphase fluid in the flowtube;

receive a signal from a meter indicative of relative amounts of
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multiple different liquids in the multiphase fluid; and determine
an amount of disscolved gas in the multiphase fluid using the
pressure, the temperature, and the relative amounts of the

multiple ligquids in the multiphase fluid.

[0008] Another aspect of the invention is a net oil and gas
skid for use characterizing an output from one or more petroleum
wells, the net oil and gas skid comprising: a vibratable flowtube
for receiving a multiphase fluid from the one or more petroleum
wells; a driver configured to vibrate the flowtube; a pair of
sensors configured to detect movement of the flowtube at
different locations on the flowtube and output sensor signals
indicative of the detected movement; a temperature sensor
configured to measure a temperature of the multiphase fluid; a
pressure sensor configured to measure a pressure of the
multiphase fluid; a water cut meter adapted to measure relative
amounts of oil and water in the multiphase fluid; and one or more
processors configured to receive the sensor signals, determine a
phase difference between the sensor signals, and use the
determined phase difference to determine a fluid flow rate
through the flowtube, wherein the one or more processors are
further configured to: receive a signal from the water cut meter
indicative of the relative amounts of o0il and water in the
multiphase fluid; determine a density of the multiphase fluid in
the flowtube using the sensor signals; and determine an amount of
dissolved gas in the multiphase fluid using the temperature and

pressure of the multiphase fluid.

[0009] Yet another aspect of the invention is a method of
metering flow of a multiphase fluid, the method comprising:
vibrating a flowtube while the multiphase fluid flows through the

flowtube; using a pair of sensors to detect movement of the
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flowtube at different locations on the flowtube and outputting a
sensor signal from each sensor; measuring a pressure of the
multiphase fluid; measuring a temperature of the multiphase
fluid; measuring relative amounts of multiple different liquids
in the multiphase flow; determining a flow rate based on a phase
difference between the sensor signals; and determining an amount
of dissolved gas in the multiphase fluid using the temperature
and pressure of the fluid, wherein determining the amount of
dissolved gas in the multiphase fluid comprises using a mapping
between a plurality of inputs and a plurality of outputs, and

wherein the mapping includes a gas solubility model.

[0010]
[0011]
[0012]

[0013] Other objects and features will be in part apparent

and in part pointed out hereinafter.

BRIEF DESCRIPTION OF THE DRAWINGS

[0014] FIG. 1 is a perspective of one embodiment of a

Coriolis flowmeter;

[0015] FIG. 2 is a side elevation of the Coriolis flowmeter

shown in Fig. 1;

[0016] FIG. 3 is a schematic diagram of one embodiment of a

Coriolis flowmeter processor showing its inputs and outputs:
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[0017] FIG. 4 is a schematic diagram of one embodiment of
a system for generating empirical data associated with

multiphase flow through the Coriolis meter;

[0018] FIG. 5 is a schematic diagram of another embodiment
of a system for generating empirical data associated with

multiphase flow through the Coriolis meter;

[0019] FIG. 6 is a chart plotting the drive gain vs.
nominal gas volume fraction (GVF) for a set of data from a

Coriolis meter while metering a mixture of gas and water;
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[0020] FIG. 7 is a chart plotting density drop vs. nominal
GVF for a set of data from a Corioclis meter while metering a |
mixture of gas and water;

[0021] FIG. 8 is a chart plotting mass flow rate error vs.
nominal gas volume fraction (GVF) for a set of data from a
Coriolis meter while metering a mixture of gas and water;

[0022] FIG. 9 is a chart plotting density error vs. nominal
GVF for a set of data from a Coriolis meter metering a mixture
of gas and water;

[0023] FIG. 10 is a chart plotting the drive gain vs.
nominal gas volume fraction (GVF) for a set of data from a
Coriolis meter while metering a mixture of gas and oil that
causes the actual GVF to differ significantly from the nominal
GVF;

[0024] FIG. 11 is a chart plotting density drop vs. nominal
GVF for a set of data from a Coriolis meter while metering a
mixtdre of gas and oil that causes the actual GVF to differ
significantly from the nominal GVF;

[0025] FIG. 12 is a chart plotting mass flow rate error vs.
nominal gas volume fraction (GVF) for a set of data from a
Coriolis meter while metering a mixture of gas and cil that
causes the actual GVF to differ significantly from the nominal
GVE;

[0026] FIG. 13 is a chart plotting density error vs.
nominal GVF for a set of data from a Coriolis meter metering a
nixture of gas and oil that causes the actual GVF to differ
significantly from the nominal GVF;

[0027] FIG. 14 is a schematic diagram illustrating one
embodiment of system for obtaining multiphase flow rate and
density corrections for a Coriolis meter;

[0028] FIG. 15 is a schematic diagram of one embodiment of

a method of training and using a neural network to obtain
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multiphase flow rate and density corrections for a Coriolis
meter;

[0029] FIG. 16 is a schematic diagram illustrating another
embodiment of a system for obtaining multiphase flow rate and:
density corrections for a Coriolis meter;

[0030] FIG. 17 is a schematic diagram illustrating another
method of training and using a neural network to obtain
multiphase flow rate and density corrections for a Coriolis
meter;

[0031] FIG. 18 is a chart showing a relationship between
pressure, temperature, and the solution gas - oil ration (Rs);

[0032] FIG. 19 is a chart showing a relationship between
pressure, temperature, and the formation volume factor (Bo):

[0033] FIG. 20 is a front elevation of one embodiment of a
" net oil and gas skid including the Coriolis flowmeter of Figs. 1
and 2;

[0034] FIG. 21 is a side elevation of the net oil and gas
skid shown in Fig. 20;

[0035] FIG. 22 is a schematic diagram of one embodiment of
a flow conditioner in the net oil and gas skid shown in Figs. 20
and 21; and

[0036] FIG. 23 is a schematic diagram illustrating one
embodiment including the net oil and gas skid illustrated in
Figs. 20 and 21 in combination with a compact separation system
to facilitate metering fluids with relatively high GVF.

[0037] Corresponding reference numbers indicate

corresponding parts through the drawings.

DETAILED DESCRIPTION
[0038] One embodiment of a Coriolis flowmeter, generally
designated 215, is illustrated in FIGS. 1 and 2. The flowmeter

215 includes cne or more conduits 18, 20 (also referred to as a
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flowtube), one or more drivers 46a, 46b for driving oscillation
of the conduit(s), and a pair of motion sensors 48a, 48b that
generate signals indicative of the oscillation of the
conduit (s). In the illustrated embodiment, there are two
conduits 18, 20 two drivers 46a, 46b and two motion sensors 48a,
48b and the drivers and motions sensors are positioned between
the conduits so each driver and motion sensor is operable for
both of the conduits. It is understood however that a Coriolis
flowmeter may have only a single conduit and/or may have a
single driver. It is also understood the conduit (s) may have
different configurations than the conduits 18, 20 in the
illustrated embodiment.

[0039] As illustrated in FIGS. 1 and 2, the flowmeter 215
is designed to be inserted in a pipeline (not shown) having a
small section removed or reserved to make room for the
flowmeter. The flowmeter 215 includes mounting flanges 12 for
connection to the pipeline, and a central manifold block 16
supporting the two parallel planar loops 18 and 20 which are
oriented perpendicularly to the pipeline. The drivers 46a, 46b
and sensors 48a, 48b are attached between each end of loops 18
and 20. The drivers 46a, 46b on opposite ends of the loops 18,
20 are energized by a digital controller (not shown) with
current of equal magnitude but opposite sign (i.e., currents
that are 180° out-of-phase) to cause straight sections 26 of the
loops 18, 20 to rotate about their co-planar perpendicular
bisector 56 (FIG. 2). Repeatedly reversing (e.g., controlling
sinusoidally) the energizing current supplied to the drivers
46a, 46b causes each straight section 26 to undergo oscillatory
motion that sweeps out a bow tie shape in the horizontal plane
about the axis 56 of symmetry of the loops. The entire lateral
excursion of the loops 18, 20 at the lower rounded turns 38 and

40 is small, on the order of 1/16 of an inch for a two foot long
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straight section 26 of a pipe having a one inch diameter. The
| frequency of oscillation is typically about 80 to 90 Hertz,
although this can vary depending on the size and configuration
of the flowtube (s).

[0040] The sensors 48a, 48b are positioned to detect
movement of the flowtube at different locations on the flowtube
and output sensor signals indicative of the detected movement.
As will be understood by those skilled in the art, the Coriolis
effect induces a phase difference between the two sensors 48a,
48b that is generally proportional to mass flow rate. Also, the
resonant frequency of the loops 18, 20 will vary as a function
of density of the fluid flowing therethrough. Thus, the mass
flow rate and density can be measured by analyzing the signals
" from the sensors 48a, 48b. The Coriolis meter 215 has a
processor 101 (Fig. 3) configured to receive the sensor signals
from the sensors 48a, 48b, determine a phase difference between
the sensor signals, and use the determined phase difference to
determine a fluid flow rate through the flowtube. The processor
101 is also configured to determine a frequency of one or more
of the sensor signals and use the determined frequency to
determine a density of the fluid in the flowtube.

[0041] Various corrections can be applied to the basic
measurements resulting from the phase difference between the
signals from the sensors 48a, 48b and the frequency. For
example, multiphase flow introduces highly variable damping on
the flowtube, up to three orders of magnitude higher than in
single phase conditions. In addition, the mass flow and density
measurements generated under multiphase flow conditions are
subject to large systematic and random errors, for which
correction algorithms can be defined and implemented by the
processor 101. Further details concerning operation of Coriolis

flowmeters are provided in U.S. Patent Nos.: 6,311,136;
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6,505,519; 6,950,760; 7,059,199; 7,188,534; 7,614,312;
7,0660,681; and 7,617,055,

[0042] As will be described in more detail below, the
processor 101 is suitably configured to apply corrections that
account for the influence of dissolved gas on the measurements
from the Coriolis meter. Moreover, the processor 101 is suitably
configured to determine the amount of dissolved gas in the fluid
flowing through the flowtube. The ability to account for the
effects of dissolved gas and/or measure the amount of dissolved
gas can be important in many different types of industries.

[0043] One important industry in which dissolved gas is a
concern is the oil and gas industry. Typically, high pressure
within an oil reservoir results in much or all of the gas being
dissolved within the oil phase. Above the bubble point pressure
all of the gas is dissolved. As pressure of the petroleum fluid
is reduced with each stage of the extraction process, the gas
phase is increasingly released from the oil phase to become free
gas. However, the oil phase typically remains saturated with
dissolved gas, the quantity of which varies with the pressure
and temperature conditions as well as the miscibility of the
particular oil and gas concerned. Thus, there is a mass exchange
between the free gas phase and the dissolved gas phase as
temperature and pressure conditions vary throughout the
extraction process. The standard in the o0il and gas industry is
to report flow rates at standard temperature and pressure
conditions in order to provide consistent measurements
regardless of the operating conditions. At standard conditions,
almost all gas is free gas and there is substantially no
dissolved gas.

[0044] However, dissolved gas is largely invisible to

Coriolis meters, to a first approximation. If a ligquid with
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dissolved gas but no free gas is passed through a Coriolis
meter, the following is observed:

(i) The density of the liguid including dissolved gas is
close to that of the pure liquid with no dissolved gas. Standard
0il industry models exist for predicting the change in density
associated with dissolved gas, which is typically a reduction in
value, and which is often referred to as the expansion factor.
This change in liquid density is typically small compared to the
density of the equivalent mixture of oil and free gas;

(11) The mass flow of the liquid including dissolved gas is
the sum of the mass flow rates for the liquid and gas flows, but
at the pressures commonly encountered in the oil and gas
‘industry, the mass of the dissolved gas is likely to be very low
compared with the mass of liquid; and

(iii) The drive gain (which as used herein means the ratio
between the drive current (amp) and the voltage (v) of sensor
signals) required to maintain oscillation of the flowtube is an
indication of the energy needed to maintain flow tube
oscillation. The drive gain is low when pure liquids or pure
gases flow through the flowtube, but much higher (typically by
two orders of magnitude) when a multiphase fluid is in the
flowtube. Even the smallest mixture of free gas with liquid can
cause the drive gain to rise rapidly, which makes this a key
measurement in detecting of presence of free gas. However, with
dissolved gas present but with free gas absent, the drive gain
shows no significant rise.

[0045] Thus, the mass flow and density measurements from
the Coriolis meter are not significantly affected by the
presence of dissolved gas because the errors in these
measurements are small or negligible compared to those induced
by a mixture of the same liquid with the equivalent volume of

free gas. Accordingly, conventional Coriolis meters dismiss the
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effects of dissolved gas as negligible and do not attempt to
determine the amount of dissolved gas in the fluid.

[00461 Although the presence of dissolved gas in and of
itself does not influence the behavior of the Coriolis meter, -
dissolved gas is actually a source of significant error from
Coriolis meters during multiphase flow. This is because
corrections to account for the presence of multiple phases in a
fluid metered by prior art Coriolis meters predominantly use
empirical models. While these models make limited use of
physical models such as correcting gas density for pressure and
temperature, they do not account for dissolved gas. It has been
determined that this can introduce substantial errors in the
corrected gas flow rates when applied to conditions where there
the solubility of gas in the oil phase is different from what is
- was when the model data was collected.

[0047] The Coriolis meter 215 described herein addresses
this problem. The quantity of dissolved gas is modeled or
predicted from the known physical properties of the liquid and
gas phases, together with the observed temperature and pressure
conditions. A number of standard oil industry models provide
estimates of gas solubility and the resulting change in the
fluid density. One such example is provided in "Correlations for
Fluid Physical Property Prediction", M.E. Vasquez and H.D.
Beggs, JPT 968 - 70, June 1980. Another option is to use a black
0il model which provides a PVT calculation based on bulk
properties of the gas, 0il and water phases. This model is
practical for oil and gas production applications where the bulk
fluid composition can change quickly due to slugging or changes
in the operating conditions. A compositional model could be used
instead and would be appropriate for applications with constant
compositions or on-line compositional measurements, such as

medical applications.
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[0048] The influence of dissolved gas is taken into account
during model development, which is typically done on the basis
of data collected during laboratory trials. Here a physical
model is developed to predict how much gas has dissolved, while
only the residual free gas is used in the development of
empirical corrections for multiphase behavior in the Coriolis
meter and other meters (e.g. a water cut meter). As will be
shown, this can produce multiphase models which yield
corrections to mass flow and density that are more consistent.
The second area where dissolved gas is taken into account is
during real-time operation, where an appropriate model of
dissolved gas is included so that the total gas flow (free +
dissolved] can be estimated and reported by the meter.

[0049] Thus, one advantage of the Corioclis meter 215
described herein is that it can provide better flow rate and
density measurements during multiphase flow including a miscible

gas because of the improvements in its ability to provide
corrections to the raw flow rate and raw density measurements
during multiphase flow. Another advantage of the Coriolis meter
215 is that it can produce a measurement of dissolved gas, which
can make it easier to report flow rates at standard conditions
in the oil and gas industry and which can be desirable in other
applications as well. It is not necessary for any particular
meter to achieve both of these advantages. For example, a meter
can provide the improved flow rate and density measurements
using the technology described herein without determining and/oxr
without outputting a measurement of dissolved gas, and vice-

versa, without departing from the scope of the invention.

Model for Multiphase Flow Corrections

[0050] A model is derived from empirical data to enable the

Coriolis meter 215 to provide corrections to raw mass flow rate
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and raw density measurements to account for the effects
‘multiphase flow on the meter. The model is developed by
subjecting a Coriolis meter to a range of multiphase flow
conditions in order to record and model its mass flow and
density errors. The model will be described herein in reference
to oil, water, and gas to provide a detailed example, but it is
understood the same process can be used with different
materials.

[0051] A three-phase oil, water, and gas mixture can be
specified in a number of ways. One way is to specify the mass
flows of the oil, water and gas components. Here the oil and
water flows will be stated in kg/s, while the gas flow rate (at
the low operating pressures considered here) will be stated in
' g/s. Another way to specify a three-phase mixture of oil, water,
and gas is to specify the total liquid flow rate for oil and
water (usually in kg/s), water cut (between 0 percent and 100
percent) and Gas Volume flow Fraction or GVF (from O percent up
to 50 percent and beyond). When the density of each phase is
known along with temperature and pressure conditions and there
" is no slip between phases it is straightforward to convert from
one of these specifications to the other. The first description
(mass flows of each phase) can be convenient when specifying the
accuracy of final results, while the latter description (liquid
flow/water cut/GVF) can be more convenient for describing
experimental conditions, particularly during model development.
- A two-phase flow of gas and pure oil can be considered a
specific case of three-phase flow where the water cut is 2ero.
Similarly, a two-phase flow of gas with pure water can be
considered as another specific case of three-phase flow where
the water cut is 100 percent.

[0052] Figure 4 shows an experimental setup for developing

empirical models of Coriolis meter mass flow rate and density
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errors during multiphase flow. The Coriolis meter under test is
integrated into a net oil and gas skid 121, which includes the
Coriolis meter 215 illustrated above, along with a pressure
sensor positioned to measure a pressure of the fluid in the
flowtube, a temperature sensor positioned to measure a
temperature of the fluid in the flowtube, and a water cut meter
positioned to measure the water cut of the fluid. A separator
system 131 provides separated water and oil streams, while a
liquid nitrogen tank 133 is used to supply gas that is mixed
with the liquids to make a multiphase flow. Each phase is
metered separately by one of a set of single phase meters 141,
before being combined and passed through the skid 121. For each
experiment performed, steady conditions are established for the
desired oil, water and gas flow rates, and then the single phase
reference measurements from meters 141 are compared with the
outputs of the skid 121, averaged over the duration of the
experiment. ‘
[0053] In a simpler alternative arrangement (Fig. 5), there
is no separation of oil and water. The water cut is selected in
an off-line procedure by replacing a calculated volume of the
current oil/water mixture with either pure water or pure oil,
depending con whether the water cut is to be increased or
decreased. Only if the new water cut is to be 0% or 100% must
the entire volume of liquid be replaced. Once the desired watér
cut has been established, then a series of experiments can be
carried out with a range of flowrates and GVF settings, where
the water cut is kept constant by continuous mixing of the
storage vessel. When a new water cut is required, the off-line

procedure is repeated.

Effects of Dissolved Gas in Model Development

16



CA 02921643 2016-02-23

14303IDF; INVN 14303.US

[0054] In contrast to prior art models developed for
Coriolis meters, the calculation of GVF, and of mass flow and‘
density errors, do not rely on the assumption that no gas
dissolves into the liquid mixture.

[0055] The interaction between the specific oil, water and
~gas used may result in a proportion of the gas being dissolved
in the liquid mixture. However, the solubility of the gas may
vary. For example, petroleum gas is more soluble in oil than it
is in water, which means the water cut affects the gas
solubility relative to the oil/water mixture. In the case of
lower water cuts (e.g., pure oil continuous flow, where the
mixture/emulsion consists of water droplets in oil) gas can go
into solution more easily than it can in the case of higher
water cuts (e.g., pure water continuous flow, where the mixture/
emulsion consists of oil droplets in water). Little or no gas
may go into solution in the event of very high water cuts.

[0056] The data in Figs. 6-13 contrasts the behavior of the
same 80mm diameter Coriolis meter over very similar liquid mass
flow and GVF conditions, with and without gas dissoclving into
the liquid. The pressure for the experiments generating this
data was relatively low (300 kPa - 500 kPa absolute), which
means the gas density can often be considered negligible because
it is relatively small compared to the liquid density. The
operating temperature was approximately 40 °C. It is known that
the impact of multiphase mixtures on a Coriclis meter can be
reduced where the fluid viscosity is high (the relative movement
of gas and liquid within the flowtube is reduced). However, in
this experiment the viscosity of the oil was too low to dampen
the impact of multiphase flow on the Coriolis meter.

[0057] Figures 6-9 show, respectively, the drive gain,

" density drop, mass flow error and density error from a Coriolis

meter during an experiment in which water cut was held steady at

17



CA 02921643 2016-02-23
14303IDF; INVN 14303.US

about 100 percent (i.e., no oil) and gas void fraction was
varied by changing the amount of gas mixed with the water. In
this experiment very little gas would be able to dissolve into
the liquid because of the high water cut and the fact that this
particular gas is substantially insoluble in water. In each case
the x-axis shows the nominal GVF of the multiphase mixture i.e.
the percentage of gas by volume at the pressure and temperature
conditions of the Coriclis flowtube, assuming that all the gas
" injected into the liquid stream remains free, without any gas
being dissolved. The default assumption inherent in the prior.
art is that all gas injected into the liguid, as measured by the
reference gas meter, remains as free gas in the multiphase
mixture and therefore contributes towards the nominal GVF of the
multiphase mixture. In Figs. 6-9 no distinction is shown between
different liquid flow rates, water cuts, or other conditions
under which the meter is operated. This data illustrates the
expected behavior of a Coriolis meter when free gas is added to
a liquid.

[0058] The drive gain (Fig. 6) is shown on a logarithmic
scale, and indicates the amount of energy required to maintain
flowtube oscillation. As various definitions of drive gain may

be used, the expression applied here is as follows:

drive gain =(drive current (amps))/{sensor voltage (v))

[0059] There is a considerable spread of drive gain values
at zero nominal GVF. Some of this may be caused by marginal
gquantities of gas still present in the liquid after the
reference gas supply has been cut off during a series of
experiments. Nevertheless there is a clear gap between the drive
gain values at zero and non-zero nominal GVF. With the exception

of two points, all non-zero GVF points have higher drive gain
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than all the zero GVF points. The data suggests very roughly an
order of magnitude (i.e. a factor of ten) increase in the drive
gain with the onset of any free gas. More generally, while the
exact values of the drive gain may vary significantly for
different flowmeter designs, flowtube orientations and other
factors, a substantial rise in drive gain is commonly obsérved
when free gas mixed with liquid passes through the Coriolis
meter.

[0060] The density drop is shows in Figure 7. Here the

density drop is defined as follows:
density drop = (ps—pa)/ps x 100 percent

[0061] where p: is the density of the liquid only (note
that this may be a mixture of water and oil, depending upon the
water cut) and p, is the apparent or observed density generated
by the Coriolis mass flow meter. Note that by convention the
density drop is shown as positive when the observed density
reading falls below that of the fluid density. As expected, the
density drop at zero GVF is also zero, but as the GVF increases
from zero the density drop rises quickly, indicating that the
presence of free gas results in a drop in the observed density
reading.

[0062] Figures 8 and 9 show the mass flow and density

errors for the Coriolis meter, defined as follows:

density error = (pa-pm)/Pm % 100 percent

mass flow error = (*h -2, )/m,, x 100 percent m

where pn is the calculated true density of the multiphase

mixture, m,, is the true mass flow of the multiphase mixture, and
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M, is the apparent mass flow rate from the Coriolis mass flow
meter.

[0063] The mass flow and density errors show very broadly
similar behavior, starting at zero for zero GVF and dropping
rapidly for low but non-zero GVF, before spreading out to form a
wider range of errors.

[0064] Figures 10-13 show the corresponding behavior for
drive gain, density drop, mass flow error and density error for
the same flowmeter over the same range of GVF and volumetric
flow rate, but with low water cut (i.e., oil continuous flow),
which results in some of the gas measured by the reference gas
meter prior to injection being dissolved into the liquid before
reaching the Coriolis meter. In each case the x-axis shows the
nominal GVF, assuming all gas measured by the reference gas
meter remains free and does not go into solution.

[0065] In Fig. 10, in comparison with Fig. 6, there is no
longer a clear distinction between the drive gain values for
zero GVF and slightly above-zero GVF. When the nominal GVF
exceeds about 8 percent, however, the drive gain is consistently
above the range of values observed at zero GVF. This indicates
some of the gas must be going into solution, as the effect of-
free gas on the drive gain is always significant for low
viscosity fluids. In particular, it appears that almost all of
the gas goes into solution when the nominal GVE is about 8
percent or less.

[0066] In Fig. 11, (compare with Fig. 7), there is
negligible density drop as the nominal GVF increases from 0
percent to about 5 percent. The density drop is not consistently
above zero until about 10% nominal GVF. Because the density drop
is based on deviation from the pure fluid density, this graph

shows that for up to about 5 percent nominal GVF, the reported

20



CA 02921643 2016-02-23

14303IDF; INVN 14303.US

mixture density is the same as that of the pure liquid. This
also indicates at least some of the gas is going into solution.

[0067] In Fig. 12, (compare with Fig. 8), the mass flow
- rate error is close to zero for low nominal GVFs up to about 5
percent, and only when the nominal GVF is in excess of about 15
percent is the corresponding mass flow error consistently less
than zero. Again, this indicates some of the gas is going into
solution and is not free gas when it flows through the Coriolis
meter.

[0068] However, the greatest difference in behavior is
shown in the density error (Fig. 13, compare with Fig. 9); where
the density error for the liquid/gas mixture is consistently
positive for nominal GVFs less than about 8 percent, and density
errors are only consistently negative for nominal GVEs above
about 20 percent. Clearly, if gas is being dissolved into the
1liquid this will result in a positive shift in the density
measurement compared with a nominal mixture density where it is
assumed that all the gas is free. Thus, here again, the results
indicate some of the gas is dissolved as it flows through the
Coriolis meter.

‘ [0069] Overall, the data illustrated in Figs. 6-13 for this
particular set of experiments show a clear difference in the
response of the Coriolis meter to, on the one hand, a multiphase
flow having near 100 percent water cut, where the gas is |
substantially immiscible with the liquid and any non-zero
nominal GVF has an impact on the behavior of the Coriolis meter
(such as increased drive gain and density drop, and negative
mass flow and density errors), and on the other a multiphase
flow having near 0 percent water cut, where the gas is miscible,
and where for nominal GVFs of up to about 5 percent there is '
limited or no impact on the density drop and mass flow error. In

essence, the Coriolis meter simply fails to detect or respond to
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the presence of gas dissolved in the liquid. Further, the
results indicate that the discrepancies between the nominal GVF
and the actual GVF during the development of empirically-based
mass flow rate and density corrections can introduce error into
empirically-based mass flow rate and density corrections
developed using experiments that do not address the issues
associated with dissolved gas.

[0070] Accordingly, to address this issue the quantity of
dissolved gas is modeled from the known physical properties of
the liquid and gas phases, together with the observed
temperature and pressure conditions. A number of oil industry
models provide estimates of gas solubility and the resulting
change in the fluid density, for example "Correlations for Fluid
Physical Property Prediction”, M.E. Vasquez and H.D. Beggs, JPT
968 - 70, June 1980. The results described herein are based on
a black oil model which provides a PVT calculation based on bulk
properties of the gas, oil and water phases. This model is
practical for oil and gas production applications where the bulk
fluid composition can change quickly due to slugging or changes
in the operating conditions. A compositional model could be used
with the same methodologies and would be appropriate for
applications with constant compositions or on-line compositional
measurements, such as medical applications.

[0071] Thus, instead of using nominal GVF when developing
empirically-based mass flow rate and density corrections for a
Coriolis meter, the level of free gas flowing through the
Coriolis meter is calculated based on the reference measurement
of total gas flow and the gas solubility model. Then the
response of the Coriolis meter to free gas can be modeled
better, which results more accurate corrections for mass flow

rate and density errors associated with free gas.
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[0072] Empirical mass flow rate and density corrections for
a Coriolis meter may be implemented in the form of a mapping
between a given set of inputs (e.g., phase difference between
sensor signals, frequency of flowtube oscillation, temperature,
pressure, drive gain, etc.) to a set of outputs (e.g., corrected
mass flow rate and corrected density). For example, a neural
network can be used. In general the inputs to a neural network
are based on data available to the metering system, either
' through raw measurements or calculations based on these
measurements. The inputs are selected to provide a smooth,
continuous input in relation to the outputs. A common neural
network design for gas-liquid mixtures is shown in Fig. 14.

Note that two separate neural networks are used for the mass
flow rate correction and the density correction, which is
represented in Fig. 14 by the horizontal line in the box for the
neural network. One example of a method for training and using
this neural network for use with immiscible fluids is outlined
in Fig. 15. The equations used in each step are defined in Table
2, which is provided at the end of the detailed description
portion of the specification. For immiscible fluids (for example
where the liquid is predominately water), the phase mass flow
rates are the same for standard and actual conditions.

[0073] When gas dissolves in the ligquid, the same neural
network design can be used in combination with a PVT model. For
example, the black oil model uses correlations or tabular data
to estimate the amount of dissolved gas and density changes at
different temperatures and pressures. The density of the in-
situ free gas phase can be determined using the AGAS model, for
example, although other correlations could also be used instead.

[0074] Many correlations are available for the black oil
model. One example is the Vazquez model. Key parameters in the

black oil model are:
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(1) Po,scr Pw,scr Pg,sc — Standard liquid, gas and water
densities used to define the fluids. This is normal input data
for the meter. These densities are converted from the meter
input standard temperature to 60 °F for use in the correlations.

(ii) GOR, the gas - oil ratio, is a measure of the gas to
0il production rates at standard conditions. This is obtained
from surface measurements on the separate gas and liquid phases
over a period of time.

(1ii) Rs, the solution gas - oil ratio, accounts for gas
that is dissolved in the oil on a volumetric basis. This
relationship can be rearranged to predict the bubble point
pressure. A free gas phase is present at pressures lower the
bubble point pressure. At pressures above the bubble point |
pressure, the gas is under saturated and the amount dissolved is
limited by the GOR.

(iv) Bo, the formation volume factor, adjusts the oil
~density for the dissolved gas. The oil is lighter due to the
presence of dissolved gases, even at high pressures.

(v) Rw and Bw are similar factors to account for gas
dissolved in water. Gas is far less soluble in water than oil
and can usually be neglected in the Coriolis application.

[0075] The model suitably includes a gas solubility tuning
factor that allows the model to be tuned to account for the fact
vthat actual petroleum fluids do not always behave in the same
way. Experiments can be run to improve the tuning of the model
for use with a particular set of petroleum fluids.
Alternatively, it is sometimes known within the oil and gas
industry what tuning factors work well with fluids from a
particular oil reservoir or region. The appropriate tuning
factors can be input based on this industry knowledge. The
tuning factor can be set to a nominal value of 1.0, which

matches typical properties of heavy crude oil. When the tuning
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factor is set to zero, the model becomes an immiscible model.
The tuning factor can be configured as a function of water-cut.
A commercial physical property calculation package, such as
Schneider Electric SimSci™ PIPEPHASE, can be used to obtain full
characterization of multiphase phase flow.

[0076] An example of a miscible fluid neural network model
is shown in Fig. 16. One example of a method of training and
using this neural network is outlined in Fig. 17. The method
generally corresponds to the method outlined in Fig. 15, but
there are differences associated with inclusion of calculations
for dissolved gas. The equations associated with the miscible
fluid neural network are listed in Table 3.

[0077] A simplified parametric model or look-up table based
on the correlations can be built into an online multiphase flow
meter. For an example, Fig. 18 shows curves illustrating the
calculated variation with pressure and temperature of the Rs
parameter with standard oil and gas densities. These curves show
that the amount of dissolved gas increases with increasing
pressure, but decreases with increasing temperature. Similarly,
as illustrated in Fig. 19, curves can be cbtained for Bo as a
function of temperature and pressure. After taking into account
the tuning factor (CRs) - the gas saturated oil density reduces
with increasing temperature and dissolved gas, leading to
increasing Bo.

[0078] The dissolved gas model is suitably used during
- development of the empirical mass flow rate and density
corrections for multiphase flow so that the inputs are more
accurate than in conventional techniques. For example, one set
of calculations are reproduced in Table 4 at the end of the
detailed description. Some things stand out in these example
calculations. For example, the liquid densities and GVFs

calculated with the benefit of the gas solubility model are
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significantly different from the nominal values. While the
nominal value for liquid density was 830.3 kg/m?, the actual
liquid density as estimated with the benefit of the gas
solubility model was only 825.3 kg/m®. This is corroborated by
the scientific understanding that the inclusion of dissolved gas
in the oil will reduce the density of the oil (e.g., from 797.5
kg/m> to about 791.7 kg/m® per the data from Table 4). The actual
GVF estimated with the benefit of the gas solubility model (11.7
percent) was also much lower than the nominal GVF (18.3)
percent. This is consistent with the data in Figs. 6-13
indicating that at least some of the gas does in fact dissolve
into the oil during three-phase flow trials in the laboratory.

[0079] Accordingly, the mass flow rate and density
corrections for multiphase flow can be improved using the
techniques described herein. Thus, the Coriolis meter 215 is
suitably configured to determine mass flow rates for oil, water,
and/or gas, and/or density using a mapping (e.g., neural network
in combination with gas solubility model) that accounts for the
effects of dissolved gas. This can result in a Coriolis meter
that provides more accurate mass flow rate and/or density
readings during multiphase flow.

[0080] The data in Figs. 6-13 was generated using a
particular set of multiphase fluids comprised of oil, water and
gas from the petroleum industry. It is understood that the
effects of dissolved gas can be different when different sets of
multiphase fluids are involved in the process. For example,
carbon dioxide (CO;) dissolves easily in water, in contrast to
gas from petroleum wells. However, the same process can be used
to reduce the error associated with dissolved gas by taking the
different materials into account when selecting, adapting, and
or developing suitable model to account for the presence of

dissolved gas.
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Application of dissolved gas model in the field

[0081] The preceding sections explain how to improve the
accuracy and consistency of a Coriolis meter during multiphase
flow. However, it also possible to use a gas solubility model in
the field to provide a measure of the amount of dissolved gas in
the fluids flowing through the Coriclis meter 215. The gas
solubility model used in the field can be the same model used in
the laboratory but it could be a different model. The model used
in the field could have a different tuning, or even a different
structure, than the model for the laboratory. The dissolved gas

model most appropriate for a lower pressure laboratory used to
| develop the Coriolis meter 215 multiphase flow corrections might
not be the most appropriate model for on-line operation in a ‘
higher pressure upstream application. However, the Coriolis
meter’s response to free gas should be the same, even though the
quantity of any dissolved gas may be different depending on the
pressure. This is because, as noted above, the Coriolis meter
215 is not influenced much by the presence of dissolved gas. If
desired, the Coriolis meter 215 can be configured so one or more
tuning factors can be input or adjusted by a user. This can
facilitate deployment of the same Coriolis meter 215, or same
type of Coriolis meter, in different oil fields having fluids
that behave differently.

[0082] One method of applying a gas solubility model in
real-time includes the following steps: (i) determine the
amount of free gas (GVF) in the multiphase mixture based upon
the response of the Coriolis meter; (ii) use the gas solubility
model to calculate the amount of dissolved gas; and (iii)
calculate the total gas present from the free gas and the
dissolved gas. The processor 101 of the Coriolis meter 215 is

suitably configured (e.g., programmed) to perform this method-
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and output the amount of dissolved gas and/or total gas. For
example, the processor 101 is suitably configured to report the
~amount (flow rate and/or totalized over time) of oil, water, and
total gas (including both free gas and dissolved gas) at

standazrd conditions.

Skid Design

[0083] Multiphase flow regimes of (e.g., oil, water, and

" gas) can present challenges for accurately measuring the flow
rates of the liquid and gas components with a Coriolis mass flow
meter and Water-Cut meter (measuring water-liquid volume flow
ratio at line conditions) metering system. Specifically,
variations in the flow regime can create slip conditions where
the gas phase velocity can vary significantly from that c¢f the
oil and water liquid phase, rendering accurate metering more
difficult.

[0084] Water-Cut meters operate best with a well-mixed
stream of oil and water. When the flow regime includes
significant slugging, it can be desirable to prevent Coriolis
meters and water cut meters from being subject to positive and
then negative flow rates, as might occur if the meter were
positioned on the upward leg of a skid. It is also desirable
that Coriolis meters are drained properly in zero flow
conditions because a partially filled flowtube can create large
flow rate and density errors when there is no fluid flowing
through the partially filled flowtube.

[0085] Figures 20 and 21 show a net oil and gas skid 121
(which is a multiphase metering system) designed to minimize the
potential slip condition between gas and liquid phases. The net
oil and gas skid 121 includes the Coriolis meter 215, a water
cut meter 145 positioned to measure the water cut of fluid, a

temperature sensor 147 positioned to measure the temperature of
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the fluid, and & pressure sensor 149 positioned to measure the
pressure of the fluid. It can also be desirable to measure
differential pressure across the flowtube because this can
facilitate performing gas calculations using the average
pressure in the flowtube rather than just the pressure at the
flowtube entrance, at the flowtube exit, or at some other
specific location. A net oil computer 151 (broadly, a
processor) is mounted on the skid 121. The net oil computer 151
is configured to receive signals from the Coriolis meter 215,
water cut meter 145, temperature sensor 147, and pressure Sensor
149, along with any other measurement devices that may be
included on the skid 121. The net oil computer 151 suitably
integrates information from all of the devices 215, 145, 147,
149, etc. and performs any calculations that have not already
been performed by the devices needed to determine flow rate and
density of the fluid flowing through the skid 121. The net oil
computer 151 suitably outputs current flow rate for oil, water
and gas independently of one another. The net oil computer 151
suitably also outputs total flow for oil, water, and gas for one
or more time periods. The processing required to operate the
Coriolis meter 215 and the net oil computer 151 is suitably
performed by one or more processors. For example, some of the
calculations may be performed in a transmitter of the Coriolis
meter 215 while other calculations are performed in a separate
processor. It is understood that there is flexibility in where
the various calculations and other processing activities
required are carried out and the particular choices described in
the embodiment detailed herein should not be considered
limiting.

[0086] The net oil and gas skid 121 is configured to
maintain a conditioned flow profile as a multiphase fluid flows

through the skid. A flow conditioner 153 (Fig. 22) is
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positioned along the top section of the skid 121 to receive the
multiphase fluid flowing through the skid to mix the fluid before
it reaches the flowtube of the Coriolis meter 215 and before it
reaches the water cut meter 145. As illustrated in Fig. 22, the
flow conditioner 153 suitably includes a plurality of tabs 155
projecting inwardly from the wall 157 of a conduit 159 positioned
to convey the multiphase fluid through the skid 121. The tabs 155
generate turbulence in the flowing fluid, which results in mixing
of the fluid. It is understood that other types of flow
conditioners could be used instead of the flow conditioner 153
illustrated in Fig. 22.

[0087] The conduit 159 is also configured to have a rise and
fall in the skid 121, which tends to disrupt any slip condition
developed in the flow. For example, one leg 161 of the conduit
159 extends upwardly and another leg 163 of the conduit extends
downwardly. A horizontal section 165 of the conduit connects the
upward and downward legs 161, 163 to one another. The rise and
fall of fluid as it flows through these segments 161, 163, 165
helps facilitate good mixing of the gas and liguid phases.

[0088] The water cut meter 145 is downstream of the Coriolis
meter 215. The fluid is also mixed as it flows through the
flowtube of the Coriolis meter 215 due to the bends therein. Thus,
the Coriolis meter 215 also helps ensure the fluid is sufficiently
mixed when it reaches the water cut meter 145.

[0089] In the net oil and gas skid 121 illustrated in Figs.
20 and 21, the Coriolis meter 215 and water cut meter 145 are
installed in the downward leg 163 of the conduit 159, which can be
desirable to limit the amount of reverse flow through the Coriolis
meter 215 and water cut meter 145 (e.g., in cases where slugging
conditions are frequently encountered). However, it is understood
that it may be desirable to install the Coriclis meter 215

elsewhere in a net oil and gas skid, such as on the upward leg or
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horizontal leg. Likewise, the water cut meter 145, temperature
sensor 147, and pressure sensor 149 can be installed at other
locations than those illustrated in Figs. 21 and 22 if desired.

[0090] The operational range of the net oil and gas skid 121
may be increased for high gas flow, high GVF flows by the
inclusion of a compact partial separation system 171 upstream of
the skid, as illustrated in Fig. 23. The purpose of the separator
is to reduce the quantity of free gas in the liquid stream
provided to the Coriolis meter 215 and the other components of the
net oil and gas skid 121 (see e.g. Figs. 21, 22). The separator
171 has a gas output 173 and a liquid output 175. The liqguid
output 175 is directed from the separator 171 to the flowtube of
the Coriolis meter 215 of the net o0il and gas skid 121 (see e.qg.
Figs. 21, 22) and the gas output is diverted from the flowtube to
reduce the amount of free gas in the multiphase fluid before it
flows through the flowtube. The separator 171 may lack the
capacity to achieve complete separation of the gas and liquids,
but this is not a problem because the capability of the net oil
and gas skid 121 to handle multiphase flow. A separator 171
designed to achieve only partial separation can be advantageous
because of its reduced size, cost, and complexity. Thus, in some
instances it may be desirable to use a separator 171 that lacks
capacity to achieve complete separation.

[0091] Another Coriolis meter 215', which may be identical
to the Coriolis meter 215 described above is positioned to meter
the gas output from the separator 171. It is understood that the
gas output 173 can be metered by a different type of meter,
including a meter that is not a Coriclis meter if desired.
However, it may be desirable in some cases to use a Corioclis meter
to meter the gas output 173 from the separator 171 because a

control system (not shown) of the separator can monitor the
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density readings and drive gain of the Coriolis meter to detect
any liguid carry-over (i.e., liquid that is undesirably included
in the gas output). Short-term occurrences of liquid carry-over
are to be expected from time to time, during which the
measurement from the system would become invalid if undetected.
When these liquid carry-over events are detected (e.g., by
monitoring the density readings and drive gain of the Coriolis
meter 215'), a SEVA approach, as described in U.S. Patent No.
5,570,300, can be adopted where the measurement state can be
temporarily set to "DAZZLED", and the system output may be
replaced by the current test average, or a recent average of
known reliable data. The cumulative duration of ligquid carry-
over events is suitably recorded and reported to the operator so
that its impact on the overall test can be taken into
consideration.

[0092] When introducing elements of aspects of the
invention or the embodiments thereof, the articles “a,” “an,”
“the,” and “said” are intended to mean that there are one or
more of the elements. The terms “comprising,” “including,” and
“having” are intended to be inclusive and mean that there may be
additional elements other than the listed elements.

[0093] In view of the above, it will be seen that several
advantages of the aspects of the invention are achieved and
other advantageous results attained.

[0094] Not all of the depicted components illustrated or
described may be required. In addition, some implementations
and embodiments may include additional components. Variations
in the arrangement and type of the components may be made
without departing from the spirit or scope of the claims as set
forth herein. Additional, different or fewer components may be
provided and components may be combined. Alternatively or in

addition, a component may be implemented by several components.
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[0095] The above description illustrates the aspects of the
invention by way of example and not by way of limitation. This
description enables one skilled in the art to make and use the
aspects of the invention, and describes several embodiments,
adaptations, variations, alternatives and uses of the aspects of
the invention, including what is presently believed to be the
best mode of carrying out the aspects of the invention.
Additionally, it is to be understood that the aspects of the
invention are not limited in application to the details of
construction and the arrangement of components set forth in the
following description or illustrated in the drawings. The
aspects of the invention are capable of other embodiments and of
being practiced or carried out in various ways. Also, it will be
understood that the phraseology and terminology used herein is
for the purpose of description and should not be regarded as
limiting.

[0096] Having described aspects of the invention in detail,
it will be apparent that modifications and variations are
possible without departing from the scope of aspects of the
invention as defined in the appended claims. It is contemplated
that various changes could be made in the above constructions,
products, and process without departing from the scope of
aspects of the invention. In the preceding specification,
various preferred embodiments have been described with reference
to the accompanying drawings. It will, however, be evident that
various modifications and changes may be made thereto, and
additional embodiments may be implemented, without departing
from the broader scope of the aspects of the invention as set
forth in the claims that follow. The specification and drawings
are accordingly to be regarded in an illustrative rather than

restrictive sense.
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[0097] The Abstract is provided to help the reader quickly
ascertain the nature of the technical disclosure. It is
submitted with the understanding that it will not be used to

interpret or limit the scope or meaning of the claims.
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Table 1: Nomenclature
VYariable Description Units
B, Oil Formation Volume Factor [dimensionless]
B, Water Formation Volume Factor [dimensionless]
Corrections
C. Coriolis NN correction for total fluid Percent %
Cons density Percent %
Cs Coriolis NN correction for total mass [dimensionless]
c flow [dimensionless]
Rw Black oil tuning for dissolved gas in oil
Black oil tuning for dissolved gas in
water
Laboratory fluids with approx. 20% solubility
compared to hydrocarbon gas in Vazquez
model, are accommodated by setting
Cre = 0.2 This tuning factor may be defined
as a function of the measured water cut.
GVF Gas Volume Flow Fraction Volume %
LVF Liquid Volume Flow Fraction Volume %
Mynasscondicions | Mass flow rate kg/s
Phase Gas often reported
o ol .
w  water n g/ §
g gas
gf  gas free
go gasinoil
gw gas in water
1 lquid
m mixture
Conditions
sc standard conditions
ac__actual conditions
Praw Mixture raw measured density kg/m’
Parop Density drop %
o Phase densit kg/m’
Pphage,conditions y &
Phase
o oil
W water
g gas
I liquid
m  mixture
Conditions
sc standard conditions
ac _actual conditions
P Absolute Pressure of fluid kPa
A Pressure at standard conditions
Qphase conditions | Yolume flow rate kg/s
Phase
o oil
W water
14 gas
of gas free
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1 liguid
m  mixture
Conditions
sc standard conditions
ac__actual conditions
R, Solution gas oil ratio (standard m? / m’®
conditions)
R, Solution gas water ratio (standard m’ /m’
conditions)
T Temperature of fluid °CorK
T, Temperature at standard conditions
Time Time seconds
Wers Water cut — Instrument measurement Vol/Vol %
May be corrected by NN
WThase Measured weight of phase over time kg
Gas often reported
. in g
Z Gas non ideal compressibility factor
Table 2: Steps in neural network calculations — Immiscible Fluids
Calculation | Description Equation
. NN Input Qil density, ac Pocc = f (j"’ Po,sc.}
lab polynomial fit
5 Water density, ac Puac = F (T Puwsc)
lab polynomial fit
Gas density, ac ‘ Huc ‘ TD Y
(For this NN, used later) Pg == pp o Z* (""‘" ¥ |
3. “Pn Taﬂ)
Z calculated from AGAS or similar PYT models
. Water cut adjustment Weue = (T ..)
lab tuning NN
Liquid density, ac Weue (100 —Weyr)
5. 1 v Prac= Pwac® Tpp T Pe % *1gp
Density dro S
6. ty p pdﬂm =100 % (pl.tzr:—prnw)
Py
NN Target Reference phase mass flow ] _ WTonase
7. Prep rates Mongsesc A Time
{from total reference
measurements)
8. Reference total mass flow rate | 71, = M, + M+ T,
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Reference phase volume rates vhpm g
9. Qphasaac = ‘
Pp?zczss,mc
Reference mixture density, ac My e
Pmae =
10. { Qu,n.;; + Qw.,u;; + Qg,;u;)
NN Target NN density correction target Panac
11. Cde,mr,gqt =100* ]
Piraw
NN Targets NN mass flow correction target 'rh,m_ .
12. Cmf’.mrgs*r =100%* o
mrmw
: N . . e
13. NN Corrections | NN density correction Cdg = f( Mpgrirs Parops me‘)
14. NN mass flow correction Conp = F{ "pgusParop Wea)
15, Rate ' Mixture density, ac _ Cie® Praw
Calcutations P ac 100
16, Mixture mass flow rate " = Cmf £ Mo
100
Mixture volume flow rate, ac M,
17. Qunae =
P m.ae
Liquid volume fraction, ac oz P
18. LVF = (pvmuc gﬂc)
(pi.ac ~ FPgac )
Oil mass flow rate (100 —Woy,)
19. s tow Mo, a0 = _M%L“ VF* Qmac* Poac
Water mass flow rate , Wour
20. > My, oc = 100 +LVF % Qupc * Poac
21. Gas mass flow rate my» ae = (1-LVF)* Qo * Pg.ac

Table 3: Steps in neural network calculations - miscible fluids

Calculation | Description Equation
L NN Input il density, ac (no dissolved gas) Po,ac = F{T, Posc)
fab polynomial fit
” Water density, ac (no dissolved Pwoe = (T Py se)
gas) lab polynomial fit
Gas density, ac P T,
3 (For this NN, used later) Pg = Pgsc * 2w ( ) "‘ ( )
. P,/ \T,

Z calculared from AGA or similar PVT model
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Water cut adjustment

Weye =f(T..)

lob tuning NN
Liquid density, ac (no dissolved . Wone (100 — Wy,
5. gas) Prac= Pwac™ Tog + P @€ " 1gg
6 Density drop 0 100+ { Dt —ﬂmw)‘
’ drop T
# P
NN Target Reference phase mass flow rates , WT pas
7. Prep (from total reference measurements) Mohasose — —Eﬁf
8. Reference total mass flow rate M, = M.+ M.+ .
Reference phase volume rates at mE,, -
9. SC Qph‘mmn = ‘
pphmmw
Reference Gas oil ratio [ S
10. GOR = —£=
Qosec
Black oil l_’aramete'rs . R,=C,» f (pwﬂ’ Posor P, T)
R Solution gas cil ratic B, = f(R T)
B, 0il formation volume factor 0 9 Py.sor Poscr .
11. Ry Solution gas water ratio Ry=Cpny* f (pg‘ggl Puw,ser Pr T)
By Water formation volume B, = f(Ru Pg.ser Pusyscr T)
factor
(see Table 4 for example calculations)
Gas rates in each phase Q = R * (2
Volume basis mode is relative to sc go-2e - }; " i
Convert to actual mass rates ng.m - Sw Qo.w
ngma_qr: = Qg.se - an,ss - ngws:f
12. mga.ac = Q.gd.&c ® py.sﬂ
Mopae = Q,aw.ac * Po.sc
Myfreeac — Mg — Mgooe™ Mheas
Free gas training check If #gpres e <0 — Undersaturated
If under saturated...
Gas flow rate range from 0-saturation gas
13. Apply model of degree of under-saturation
or eliminate point from NN modelling
process. ‘
Phase volume flow rate, ac Qone = Bo* Qose
14 Q’W’uﬂﬂ“ = 'BW * . QW-M?“
’ — m‘gfnﬂ.ﬂc
Q,gf‘rn.uu -
p .00

38




CA 02921643 2016-02-23

14303IDF; INVN 14303.US
Reference Mixture density, ac _ Moo
15. Pm,ae T C ¥
Qo,ac Qw,uc + ngf rss.a::)‘
NN Target NN density correction target
? ’ g C o oarges = 100 % 222
16, deterget
Prow
NN Target NN mass flow correction target f
17. Cmf}.cargn = 100* _%
mraw
18. NN _ NN density correction Cuo = F{ Mygues pémp,ww)
Corrections
19. NN mass flow correction Cony = f{ Mg Parop Wo )
Mixture density, ac Cao * Praw
20. Puwae = " mn
100
51, Mixture mass flow rate i, = Cong * Mgy
100
Mixture volume flow rate, ac e,
22, Qmac =
Pm,ac
2 Black oil Parameters Refer to equations in step 11
’ Rs Bo Rw Bw
Phase density, ac Fo.sc
Poac ™ g
B,
n’ — anM
2. " Bw
Wone {100 — W)
frac= Puac® Ig%"' Ppll* _—lﬂ-ﬁi
=t (2)-(2)
() g 8 2 Toc
25, Liguid volume fraction, ac LVF = {Pm,uﬁ— p:g’ag)
(pl.w — Pg.ac )
Phase volume flow rate, ac (100 — Wiy
Quac= — s *LVF = Qg
100 :
26. Wour
Qw.ac = 100 *LVF * QMM
ngfee‘ac = (1—LVF)=* QM
Gas rates in each phase See Step 12
27.
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Free gas measurement check If Gain < GainTol — Undersaturated
Recommended GainTol 2X water default for tube
If under saturated...
Gas flow rate range from 0 ~saturation gas
Liquid density based on user GOR if given. If
28. not given, single phase correlation used
No comparison to lab data for gas rates
Report options for gas rate...
User GOR for gas rate at s¢
N/A or < Saturated value or
2-4 region estimates based on gain
Phase mass flow rate, sc . — —_—
These are compared to reference data ma.gn — m‘a.ma m“gﬁ-ﬂﬂ
29. Mypse = Mywae — Mgwae
ﬂt‘g'_w = mg.a-a + 'mgmvc' + My.or
Phase volume flow rate, sc Step 9, but accounting for dissolved
For reporting gas, and validated external gas
30. measurement
T pase
Q-p?msmc —— L
p phasesc
Table 4 - Example calculations for laboratory trials:
Std. Oil density at 60 °F 814.6 | kg/m3
Std. Gas density at 60 °F, 101.325 kPa abs. 1.223 | kg/m3
Actual Pressure 400.0 ! kPa
Actual Temperature 40.0 | °C
Tuning constant for gas in oil CRs 0.20
Calculated actual Oil Rs 0.408
Calculated gas saturated Oil Bo 1.029
Calculated actual gas saturated Oil density 791.7 | kg/m3
Assume known true Oil mass flow rate 4.0 | kg/s

Oil std. volume flow rate

0.004911 | m3/s

Calc. saturated gas std. volume flow

0.002002 | m3/s

Calc. saturated gas mass flow 2.448 | g/s
Now, ignoring negligible dissolved gas in water

Assume known true Water mass flow rate 1.0 | kg/s
Actual water density, calc. at line temperature 994.2 | kg/m3
Calc. Liquid volume flow rate 0.006059 | m3/s
Calc. Water Cut (actual volumetric flow ratio) 16,6 | %
Calc. Liquid density 825.3 | kg/m3
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Assume known true Gas mass flow rate 6.0 | g/s
Free Gas mass flow rate 3.552 | g/s
Free Gas density, calc. at line pressure and temperature 4.4 | kg/m3
Free Gas volume flow rate 0.000798 | m3/s
Calc. Free Gas GVF 11.7 | %
Calc. mixture density 732.0 | kg/m3
Calc. density drop 116 | %
For comparison, assuming no dissolved gas, the following would have been calculated
Qil density 797.5 | kg/m3
Liguid volume flow 0.006022 | m3/s
Water Cut 16.7 | %
Liquid density 830.3 | kg/m3
Gas volume flow 0.001348 | m3/s
‘nominal GVF 18.3 [ %
Mixture density 679.2 | kg/m3
Density drop 182 | %
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WHAT IS CLAIMED IS

1. A system for metering flow of a multiphase fluid, the
system comprising:

a vibratable flowtube for receiving the multiphase fluid
flow;

a driver configured to vibrate the flowtube:;

a pair of sensors configured to detect movement of the
flowtube at different locations on the flowtube and output
sensor signals indicative of the detected movement;

a pressure sensor configured to measure a pressure of the
multiphase fluid;

a temperature sensor configured to measure a temperature of
the multiphase fluid; and

one or more processors configured to receive the sensor
signals from the pair of sensors configured to detect movement
of the flowtube, determine a phase difference between the sensor
signals from the pair of sensors configured to detect movement
of the flowtube, and use the determined phase difference to
determine a fluid flow rate through the flowtube, wherein said
one or more processors are further configured to:

receive a signal from the pressure sensor indicative of the
pressure of the multiphase fluid in the flowtube;

receive a signal from the temperature sensor indicative of
the temperature of the multiphase fluid in the flowtube;

receive a signal from a meter indicative of relative
amounts of multiple different liquids in the multiphase fluid;
and

determine an amount of dissolved gas in the multiphase
fluid using the pressure, the temperature, and the relative

amounts of the multiple liquids in the multiphase fluid.
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2. A system as claimed in claim 1 wherein said one or
more processors are configured to determine the fluid flow rate
by using a mapping between a plurality of inputs and at least
one output related to the fluid flow rate, wherein the inputs
comprise a raw mass fluid flow rate, pressure of the fluid,
temperature of the fluid, and the relative amounts of the
multiple liquids in the multiphase fluid and wherein said one or
more processors are configured to determine the amount of

dissolved gas according to a gas solubility model.

3. A system as claimed in claim 2 wherein the solubility

model includes an adjustable tuning factor.

4. A system as claimed in any one of claims 1-3 wherein
said one or more processors are configured to determine an

amount of free gas in the multiphase fluid.

5. A system as claimed in claim 4 wherein said one or
more processors are configured to determine an amount of total
gas in the multiphase fluid using the amounts determined for

dissolved gas and free gas.

6. A system as claimed in any one of claims 1-5 further
comprising a flow conditioner configured to mix the multiphase

fluid before it enters the flowtube.
7. A system as claimed in claim 6 wherein the flow
conditioner comprises a plurality of tabs projecting inwardly

from a wall of a conduit that is positioned to convey the

multiphase fluid to the flowtube.
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8. A system as claimed in any one of claims 1-7 further
comprising a conduit upstream of the flow tube and connected to
the flowtube for conveying the multiphase fluid to the flowtube,
the conduit being configured to have two substantially vertical
segments and a substantially horizontal segment between the

substantially vertical segments.

9. A system as claimed in claim 8 wherein one of the
substantially vertical segments is between the substantially
horizontal segment and the flowtube, wherein the flowtube is at

a lower elevation than the substantially horizontal segment.

10. A system as claimed in claim 8 or 9 wherein the
substantially horizontal segment is connected to each of the
substantially vertical segments at upper ends of the

substantially vertical segments.

11. A system as claimed in any one of claims 1-10 further
comprising a separator upstream of the flowtube and configured
for separating at least some free gas in the multiphase fluid
from the liquid phase, the separator having a gas output and a
liquid output, wherein the liquid output is directed from the
separator to the flowtube and the gas output is diverted from
the flowtube to reduce the amount of free gas in the multiphase

fluid befcore it flows through the flowtube.

12. A system as claimed in any one of claims 1-11 wherein
the multiple different liquids include water and oil and wherein

said meter comprises a water cut meter.
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13. A net oil and gas skid for use characterizing an
output from one or more petroleum wells, the net oil and gas
skid comprising:

a vibratable flowtube for receiving a multiphase fluid from
said one or more petroleum wells;

a driver configured to vibrate the flowtube;

a pair of sensors configured to detect movement of the
flowtube at different locations on the flowtube and cutput
sensor signals indicative of the detected movement;

a temperature sensor configured to measure a temperature of
the multiphase fluid;

a pressure sensor configured to measure a pressure of the
multiphase fluid;

a water cut meter adapted to measure relative amounts of
0il and water in the multiphase fluid; and

one or more processors configured to receive the sensor
signals, determine a phase difference between the sensor
signals, and use the determined phase difference to determine a
fluid flow rate through the flowtube, wherein said one or more
processors are further configured to:

receive a signal from the water cut meter indicative of the
relative amounts of oil and water in the multiphase fluid;

determine a density of the multiphase fluid in the flowtube
using the sensor signals; and

determine an amount of dissclved gas in the multiphase
fluid using the temperature and pressure of the multiphase

fluid.

14. A net o0il and gas skid as claimed in claim 13 wherein
said one or more processors are configured to determine the
amount of dissolved gas in the multiphase fluid by using a

mapping between a plurality of inputs and a plurality of
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outputs, wherein the mapping is based in part on a gas

solubility model.

15. A net oil and gas skid as claimed in claim 14 wherein

the gas solubility model includes an adjustable tuning factor.

16. A net o0il and gas skid as claimed in any one of claims

14-15 wherein the mapping comprises a neural network.

17. A net oil and gas skid as claimed in claim 16 wherein
the neural network has been trained using empirical data that
accounts for the effects of the dissolved gas using the gas

solubility model.

18. A net oil and gas skid as claimed in claim 16 wherein
the gas solubility model is a first gas solubility model and
wherein the neural network has been trained using empirical data
that accounts for the effects of the dissolved gas using a
second gas solubility model that is different from the first gas

solubility model.

19. A net o0il and gas skid as claimed in any one of claims
13-18 wherein said one or more processors are configured to

determine an amount of free gas in the multiphase fluid.
20. A net o0il and gas skid as claimed in claim 19 wherein
said one or more processors are configured to determine an

amount of total gas in the multiphase fluid using the amounts

determined for dissolved gas and free gas.
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21. A net oil and gas skid as claimed in any one of claims
13-20 further comprising a flow conditioner configured to mix

the multiphase fluid before it enters the flowtube.

22. A net o0il and gas skid as claimed in any one of claims
13-21 further comprising a separator upstream of the flowtube,
the separator having a gas output and a liquid output, wherein
the liquid output is directed from the separator to the flowtube
and the gas output is diverted from the flowtube to reduce the
amount of free gas in the multiphase fluid before it flows

through the flowtube.

23. A method of metering flow of a multiphase fluid, the
method comprising:

vibrating a flowtube while the multiphase fluid flows
through the flowtube;

using a pair of sensors to detect movement of the flowtube
at different locations on the flowtube and outputting a sensor
signal from each sensor;

measuring a pressure of the multiphase fluid;

measuring a temperature of the multiphase fluid;

measuring relative amounts of multiple different liquids in
the multiphase flow;

determining a flow rate based on a phase difference between
the sensor signals; and

determining an amount of dissolved gas in the multiphase
fluid using the temperature and pressure of the fluid, wherein
determining the amount of dissolved gas in the multiphase fluid
comprises using a mapping between a plurality of inputs and a
plurality of outputs, and wherein the mapping includes a gas

solubility model.
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24, A method as claimed in claim 23 wherein the mapping
comprises a neural network that has been trained using empirical
data that accounts for the effects of the dissolved gas using

the gas solubility model.

25. A method as claimed in claim 24 wherein the gas
solubility model is a first gas solubility model and the mapping
comprises a neural network that has been trained using empirical
data that accounts for the effects of the dissolved gas using a
second gas solubility model that is different from the first gas

solubility model.

26. A method as claimed in any one of claims 23-25 further
comprising determining an amount of free gas in the multiphase

fluid.

27. A method as claimed in claim 26 further comprising
using the amounts determined for dissolved gas and free gas to

determine the amount of total gas in the multiphase fluid.

28. A method as claimed in any one of claims 23-27 further
comprising flowing the multiphase fluid through a flow

conditioner upstream of the flowtube.

29. A method as claimed in any one of claims 23-28 further
comprising using a separator upstream of the flowtube to
separate at least some free gas in the multiphase fluid from the
liquid phase and diverting the separated gas to reduce the
amount of free gas in the multiphase fluid before it flows

through the flowtube.
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30. A method as claimed in any one of claims 23-29 wherein

the multiple different liquids include water and oil.
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FIG. 6
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FIG. 7

Density Drop against Nominal GVF, assuming no dissolved gas - Water Continuous
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FIG. 14

“Raw Mass Flow Liquid”
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