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AMPHOLYTE POLYMERIC COMPOUNDS IN SUBTERRANEAN
APPLICATIONS

BACKGROUND

[0001] At least some of the exemplary embodiments described
herein relate to methods of using ampholyte polymeric compounds as friction
reducing agents in subterranean operations, and treatment fluid compositions
relating thereto.

[0002] During the drilling, completion, and stimulation of wellbores
and subterranean formations, aqueous treatment fluids are often pumped
through tubular goods (e.g., pipes, coiled tubing, etc.). A considerable amount
of energy may be lost due to friction between the aqueous treatment fluid in
turbulent flow and the formation, the wellbore, and/or the tubular goods located
within the wellbore. As a result of these energy losses, additional horsepower
may be necessary to achieve the desired treatment.

[0003] For example, in fracturing operations, a treatment fluid
utilizes either an increased viscosity (e.g., a gelled fluid) or a high flow rate
(e.g., a high-rate water) to create or extend one or more factures in the
formation. As the treatment fluid flows across the surfaces in the formation, the
wellbore, and related tubular goods, the frictional forces between the treatment
fluid and surfaces are amplified relative to non-viscosified fluids under normal
flow because of the increased viscosity or high flow rate of the treatment fluid.
The amplified friction forces translate to a need for increasing the energy input
to achieve the desired pressure and/or flow rate for the treatment fluid.
Increasing energy input increases the cost of the fracturing operation.

{0004 ] To reduce these energy losses, friction reducing agents are in
aqueous treatment fluids. However, most of the friction reducing agents are
sensitive to the total dissolved solids of the local environment (e.g., either the
treatment fluid or the formation fluids encountered during an operation). As
used herein, total dissolved solids ("TDS"”) refers to the sum of all minerals,
metals, cations, and anions dissolved in water, which is differentiated from
suspended solids and can be separated from suspended solids via fiitration. As
most of the dissolved solids are typically salts, the amount of salt in water is
often described by the concentration of total dissolved solids in the water. As the
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TDS increases, many friction reducing agents loose function and, in some
instances, may further aggravate the situation by precipitating out of the fluid.

[0005] Further, in some instances, it is desirable for the friction
reducing agent to reduce the friction in the wellbore and near-wellbore areas and
degrade or break at some time thereafter. To achieve this with traditional
friction reducing agents, the breaker may be included in the treatment fluid, or a
breaking fluid may be subsequently introduced, the latter of which increases the
complexity, cost, and time associated with subterranean operations. In instances
where breakers are included in the initial treatment fluid, the breakers are
generally engineered to delay breaking (e.g., via encapsulation or chemical
modification), which increases the cost of developing and producing the delayed
breaker.

[0006] Recently, improved friction reducing systems have been
developed that are multi-component systems and less sensitive to the TDS.
However, implementation of these friction-reducing systems at the well site
typically involves metering each component into the treatment fluid at different
rates, which increases the complexity of the operations. Variations in the
formulation of the friction reducing systems as a result of improper metering can
result in a less effective, or ineffective, friction reduction, which in turn increases
the energy requirements and costs of the operation.

[0007] Accordingly, a need exists for a friction reducing agent that is
compatible with environments having higher TDS, and that are less complex to
implement, preferably single-component.

BRIEF DESCRIPTION OF THE DRAWINGS

10008} The following figures are included to illustrate certain aspects
of the exemplary embodiments described herein, and should not be viewed as
exclusive embodiments. The subject matter disclosed is capable of considerable
modifications, alterations, combinations, and equivalents in form and function,
as will occur to those skilled in the art and having the benefit of this disclosure.

[0009] Figure 1 provides an illustrative schematic of a system that
can deliver treatment fluids of the present invention to a downhole location.

[0010] Figure 2 provides a graph of percent friction reduction at
various salinities for three friction reducing additives including one ampholyte

polymeric compound.
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(00111} Figure 3 provides a graph of viscosity measurements over
time at various temperatures for a fluid comprising an ampholyte polymeric
compound.

[0012] Figure 4 provides a graph comparing the intrinsic viscosity
over time for a fluid comprising an ampholyte polymeric compound and a fluid
comprising a traditional friction reducing agent.

[0013] Figure 5 provides a graph of viscosity measurements over
time at various TDS concentrations for fluids comprising an ampholyte polymeric
compound.

DETAILED DESCRIPTION

[0014] At least some of the exemplary embodiments described
herein relate to methods of using ampholyte polymeric compounds as friction
reducing agents in subterranean operations, and treatment fluid compositions
relating thereto.

[0015] As used herein, the term “ampholyte” refers to a compound
having both a positive and a negative charge. The ampholyte polymeric
compounds described herein include nonionic monomers, cationic monomers,
and sulfonic acid-containing monomers.

[0016] The ampholyte polymeric compounds described herein are
suitable for friction reduction in treatment fluids, including in high TDS treatment
fluids (e.g., treatment fluids with saltwater or brackish water base fluids).
Further, the ampholyte polymeric compounds described herein advantageously
provide for single-component friction reduction agents that reduce
implementation complexity as compared to the multi-component friction
reducing systems described above. Together, these properties and advantages
synergistically provide for friction reducing agents enhance operational efficacy,
reduce the energy requirement, and reduce the cost of the treatment.

[0017] Further, the ampholyte polymeric compounds described
herein may advantageously break over time with the use of little or no breaker.
Without being limited by theory, it is believed that, at least some of the
monomeric units of the ampholyte polymeric compounds may at least partially
hydrolyze, which in turn may cause the ampholyte polymeric compound to
contract and reduce its friction reducing effect. As used herein, the terms

“partially hydrolyze,” “partially hydrolysis,” and the like refer to hydrolysis of at



CA 02908351 2015-09-28

WO 2014/193834 PCT/US2014/039570

least some of the monomeric units of a polymeric compound (e.g., ampholyte
polymeric compounds described herein). Partial hydrolysis and polymeric
contraction of an ampholyte polymeric compound described herein may
advantageously allow wellbore operations to be performed with minimal
amounts of breaker in the treatment fluid and/or without the need for a
subsequent breaking treatment (and perhaps in some instances, without any
breaker or need for subsequent breaking treatments), which reduces the cost
and time associated with the wellbore operations.

[0018] It should be noted that when “about” is provided herein at
the beginning of a numerical list, “about” modifies each number of the numerical
list. It should be noted that in some numerical listings of ranges, some lower
limits listed may be greater than some upper limits listed. One skilled in the art
will recognize that the selected subset will require the selection of an upper limit
in excess of the selected lower limit.

[0019] The treatment fluids described herein comprise a base fluid
and an ampholyte polymeric compound.

[0020] Ampholyte polymeric compounds suitable for use in
conjunction with the treatment fluids and methods described herein may include
at least one nonionic monomer, at least one cationic monomer, and at least one
sulfonic acid-containing monomer.

[0021] Suitable nonionic monomers may include, but are not limited
to, acrylamide. In some embodiments, the ampholyte polymeric compounds
described herein may include nonionic monomers in an amount ranging from a
lower limit of about 30%, 33%, 35%, or 40% by weight of the ampholyte
polymeric compound to an upper limit of about 50%, 47%, 45%, or 40% by
weight of the ampholyte polymeric compound, and wherein the amount of
nonionic monomer may range from any lower limit to any upper limit and
encompasses any subset therebetween.

[0022] Suitable sulfonic acid-containing monomers may include, but
are not limited to, 2-acrylamido-2-methylpropane sulifonic acid, a salt thereof
(e.g., the sodium salt of 2-acrylamido-2-methylpropane sulfonic acid), and any
combination thereof. In some embodiments, the ampholyte polymeric
compounds described herein may include sulfonic acid-containing monomers in
an amount ranging from a lower limit of about 5%, 6%, 8%, or 10% by weight

of the ampholyte polymeric compound to an upper limit of about 15%, 14%,
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12%, or 10% by weight of the ampholyte polymeric compound, and wherein the
amount of sulfonic acid-containing monomer may range from any lower limit to
any upper limit and encompasses any subset therebetween.

[0023] Suitable cationic monomers may include, but are not limited
to, acryloyloxy ethyl trimethyl ammonium chloride,
methacrylamidopropyltrimethyl ammonium chloride, and any combination
thereof. In some embodiments, the ampholyte polymeric compounds described
herein may include cationic monomers in an amount ranging from a lower limit
of about 40%, 42%, 45%, or 50% by weight of the ampholyte polymeric
compound to an upper limit of about 60%, 57%, 55%, or 50% by weight of the
ampholyte polymeric compound, and wherein the amount of cationic monomer
may range from any lower limit to any upper limit and encompasses any subset
therebetween.

[0024] In some embodiments, the ampholyte polymeric compounds
described herein may have a weight average molecular weight ranging from a
lower limit of about 2,000,000, 5,000,000, or 10,000,000 to an upper limit of
about 20,000,000, 15,000,000, or 10,000,000, and wherein the weight average
molecular weight may range from any lower limit to any upper limit and
encompasses any subset therebetween. Those of ordinary skill in the art will
recognize that ampholyte polymeric compounds having molecular weights
outside the listed range may be suitable as friction reducing agents in treatment
fluids described herein.

[0025] In some embodiments, the ampholyte polymeric compounds
may be included in the treatment fluid in an amount ranging from a lower limit
of about 0.001 v/v%, 0.0025 v/v%, 0.005 v/v%, 0.01 v/v%, 0.05 v/v%, or 0.1
v/v% of the ampholyte polymeric compounds to the aqueous portion of the
treatment fluid to an upper limit Of about 0.5 v/v%, 0.25 v/v%, 0.15 v/v%, or
0.1 v/v% of the ampholyte polymeric compounds to the treatment fluid, and
wherein the concentration may range from any lower limit to any upper limit and
encompasses any subset therebetween. One skilled in the art with the benefit of
this disclosure should recognize that the concentration of the ampholyte
nolymeric compounds may depend on, inter alia, the composition of the
ampholyte polymeric compounds, the molecular weight of the ampholyte
polymeric compounds, the composition of the base fluid, the other components

of the treatment fluid (e.g., inclusion of a gelling agent or gas with foaming
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agent), the TDS of the treatment fluid, and the like, and any combination
thereof.

[0026] Suitable base fluids for use in conjunction with the methods
described herein may include, but not be limited to, agueous-based fluids or oil-
in-water emulsions, wherein the ampholyte polymeric compound is in the
aqueous portion of the base fluid.

[0027] Suitable aqueous-based fluids (or water phases of an
emulsion) may include fresh water, saltwater (e.g., water containing one or
more salts dissolved therein), brine (e.g., saturated salt water), seawater, and
any combination thereof. In some embodiments, the aqueous-based fluid may
further comprise aqueous-miscible fluids, which may include, but are not limited
to, alcohols (e.g., methanol, ethanol, n-propanol, isopropanol, n-butanol, sec-
butanol, isobutanol, and t-butanol), glycerins, glycols (e.g., polyglycols,
propylene glycol, and ethylene glycol), polyglycol amines, polyols, any derivative
thereof, and any combination thereof. One of ordinary skill in the art, with the
benefit of this disclosure, should recognize that higher concentrations of some
aqueous-miscible fluids may cause the ampholyte polymeric compound
described herein to precipitate or flocculate. As such, aqueous-miscible fluids
may, in some embodiments, be included in the treatment fluids described herein
at a low concentration.

[0028] Suitable oil phases for an oil-in-water emulsion may include,
but are not limited to, an alkane, an olefin, an aromatic organic compound, a
cyclic alkane, a paraffin, a diesel fluid, a mineral oil, a desulfurized hydrogenated
kerosene, and any combination thereof.

[0029] The treatment fluids described herein may, in some
instances, be foamed. As used herein the term “foam” refers to a two-phase
composition having a continuous liquid phase and a discontinuous gas phase. In
some embodiments, the treatment fluids described herein may comprise a base
fluid, a gas, a foaming agent, and an ampholyte polymeric compound.

[0030] Suitable gases may include, but are not limited to, nitrogen,
carbon dioxide, air, methane, helium, argon, and any combination thereof. One
skilled in the art, with the benefit of this disclosure, should understand the
benefit of each gas. By way of nonlimiting example, carbon dioxide foams may
have deeper well capability than nitrogen foams because carbon dioxide

emulsions have greater density than nitrogen gas foams so that the surface
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pumping pressure required to reach a corresponding depth is lower with carbon
dioxide than with nitrogen. Moreover, the higher density may impart greater

proppant transport capability, up to about 12 Ib of proppant per gal of treatment
fluid.

[0031] In some embodiments, the quality of the foamed treatment
fluid may range from a lower limit of about 5%, 10%, 25%, 40%, 50%, 60%, or
70% gas volume to an upper limit of about 95%, 90%, 80%, 75%, 60%, or
50% gas volume, and wherein the quality of the foamed treatment fluid may
range from any lower limit to any upper limit and encompasses any subset
therebetween. Most preferably, the foamed treatment fluid may have a foam
quality from about 85% to about 95%, or about 90% to about 95%.

[0032] Suitable foaming agents may include, but are not limited to,
cationic foaming agents, anionic foaming agents, amphoteric foaming agents,
nonionic foaming agents, or any combination thereof. Nonlimiting examples of
suitable foaming agents may include, but are not limited to, surfactants like
betaines, sulfated or sulfonated alkoxylates, alkyl quarternary amines,
alkoxylated linear alcohols, alkyl sulfonates, alkyl aryl sulfonates, C;o-C,o
alkyldiphenyl ether sulfonates, polyethylene glycols, ethers of alkylated phenol,
sodium dodecylsulfate, alpha olefin sulfonates such as sodium dodecane
sulfonate, trimethyl hexadecyl ammonium bromide, and the like, any derivative
thereof, or any combination thereof. Foaming agents may be included in
treatment fluids at concentrations ranging typically from about 0.05% to about
2% of the liquid component by weight (e.g., from about 0.5 to about 20 gallons
per 1000 gallons of liquid).

[0033] The treatment fluids described herein may, in some
instances, be gelled. In some embodiments, the treatment fluids described
herein may comprise a base fluid, a gelling agent, and an ampholyte polymeric
compound.

[0034] Suitable gelling agents may comprise any substance (e.g., a
polymeric material) capable of increasing the viscosity of the treatment fluid. In
certain embodiments, the gelling agent may comprise one or more polymers
that have at least two molecules that are capable of forming a crosslink in a
crosslinking reaction in the presence of a crosslinking agent, and/or polymers
that have at least two molecules that are so crosslinked (i.e., a crosslinked

gelling agent). The gelling agents may be naturally-occurring gelling agents,



CA 02908351 2015-09-28

WO 2014/193834 PCT/US2014/039570

synthetic gelling agents, or a combination thereof. The geilling agents also may
be cationic gelling agents, anionic gelling agents, or a combination thereof.
Suitable gelling agents may include, but are not limited to, polysaccharides,
biopolymers, and/or derivatives thereof that contain one or more of these
monosaccharide units: galactose, mannose, glucoside, glucose, xylose,
arabinose, fructose, glucuronic acid, or pyranosyl sulfate. Examples of suitable
polysaccharides include, but are not limited to, guar gums (e.g., hydroxyethy!
guar, hydroxypropyl guar, carboxymethyl guar, carboxymethylhydroxyethyl
guar, and carboxymethylhydroxypropyl guar ("CMHPG")), cellulose derivatives
(e.g., hydroxyethyl cellulose, carboxyethylceliulose, carboxymethylcellulose
(“"CMC™), and carboxymethylhydroxyethylcellulose), xanthan, scleroglucan,
succinoglycan, diutan, and combinations thereof. In certain embodiments, the
gelling agents comprise an organic carboxylated polymer, such as CMHPG.
[0035] Suitable synthetic polymers include, but are not limited to,
2,2'-azobis(2,4-dimethyl valeronitrile), 2,2’-azobis(2,4-dimethyl-4-methoxy
valeronitrile), polymers and copolymers of acrylamide ethyltrimethyl ammonium
chloride, acrylamide, acrylamido-and methacrylamido-alkyl trialkyl ammonium
salts, acrylamidomethylpropane sulfonic acid, acrylamidopropyl trimethyl
ammonium chloride, acrylic acid, dimethylaminoethyl methacrylamide,
dimethylaminoethyl methacrylate, dimethylaminopropyl methacrylamide,
dimethylaminopropylmethacrylamide, dimethyldiallylammonium chloride,
dimethylethyl acrylate, fumaramide, methacrylamide, methacrylamidopropyl
trimethyl ammonium chloride, methacrylamidopropyldimethyl-n-
dodecylammonium chloride, methacrylamidopropyldimethyl-n-octylammonium
chloride, methacrylamidopropyltrimethylammonium chloride, methacryloylalky!l
trialkyl ammonium saits, methacryloylethyl trimethyl ammonium chloride,
methacrylylamidopropyldimethylcetylammonium chloride, N-(3-sulfopropyl)-N-
methacrylamidopropyl-N,N-dimethyl ammonium betaine, N, N-
dimethylacrylamide, N-methylacrylamide,
nonylphenoxypoly(ethyleneoxy)ethylmethacry late, partially hydrolyzed
polyacrylamide, poly 2-amino-2-methyl propane sulfonic acid, polyvinyl alcohol,
sodium 2-acrylamido-2-methylpropane sulfonate, quaternized
dimethylaminoethylacrylate, quaternized dimethylaminoethylmethacrylate, and
derivatives and combinations thereof. In certain embodiments, the gelling agent

comprises an acrylamide/2-(methacryloyloxy)ethyltrimethylammonium methyl
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sulfate copolymer. In certain embodiments, the gelling agent may comprise an
acrylamide/2-(methacryloyloxy)ethyltrimethylammonium chloride copolymer. In
certain embodiments, the gelling agent may comprise a derivatized cellulose
that comprises cellulose grafted with an allyl or a vinyl monomer, such as those
disclosed in U.S. Pat. Nos. 4,982,793, 5,067,565, and 5,122,549.

[0036] Additionally, polymers and copolymers that comprise one or
more functional groups (e.g., hydroxyl, cis-hydroxyl, carboxylic acids,
derivatives of carboxylic acids, sulfate, sulfonate, phosphate, phosphonate,
amino, or amide groups) may be used as gelling agents.

[0037] The gelling agent may be present in the treatment fluids
described herein in an amount sufficient to provide the desired viscosity while
not exceeding a concentration that quenches the advantages and function of the
friction reducing agent describe herein. The appropriate concentration for the
gelling agent may depend on, inter alia, the composition and molecular weight of
the gelling agent, the composition of the friction reducing agent, the TDS of the
treatment fluid, and the like, and any combination thereof. For example, the
concentration at which a quar-based gelling agent quenches the function of the
friction reducing agent may be lower than the concentration for a CMC gelling
agent. In some embodiments, the gelling agents may be present in a treatment
fluid described herein in an amount ranging from a lower limit of about 0.05%,
0.1%, 0.25%, 1%, or 2.5% by weight of the treatment fluid to an upper limit of
about 10%, 8%, 5%, or 2.5% by weight of the treatment fluid, and wherein the
concentration may range from any lower limit to any upper limit and
encompasses any subset therebetween (e.qg., about 0.15% to about 2.5%).

[0038] The treatment fluids described herein may be useful in
transporting particulates within or into a wellbore and/or subterranean
formation. In some embodiments, the treatment fluids described herein may
comprise a base fluid, ampholyte polymeric compounds, and a plurality of
particulates. It should be understood that the term “particulate,” as used in this
disclosure, includes all known shapes of materials, including substantially
spherical materials, fibrous materials, polygonal materials (such as cubic
materials), and any combination thereof.

[0039] Suitable particulates for use in conjunction with the fluids
sand methods described herein may comprise any material suitable for use in

subterranean operations. Suitable materials for these particulates include, but
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are not limited to, sand, bauxite, ceramic materials, glass materials, polymer
materials, polytetrafluoroethylene materials, nut shell pieces, cured resinous

particulates comprising nut shell pieces, seed shell pieces, cured resinous
particulates comprising seed shell pieces, fruit pit pieces, cured resinous
particulates comprising fruit pit pieces, wood, composite particulates, and
combinations thereof. Suitable composite particulates may comprise a binder
and a filler material wherein suitable filler materials include silica, alumina,
fumed carbon, carbon black, graphite, mica, titanium dioxide, meta-silicate,
calcium silicate, kaolin, talc, zirconia, boron, fly ash, hollow glass microspheres,
solid glass, and combinations thereof. The mean particulate size generally may
range from about 2 mesh to about 400 mesh on the U.S. Sieve Series; however,
in certain circumstances, other mean particulate sizes may be desired and will
be entirely suitable for practice of the exemplary embodiments described herein.
In particular embodiments, preferred mean particulates size distribution ranges
are one or more of 6/12, 8/16, 12/20, 16/30, 20/40, 30/50, 40/60, 40/70, or
50/70 mesh.

[0040] In some embodiments, the particulates may be present in
the treatment fluids in an amount ranging from a lower limit of about 0.5 pounds
per gallon ("ppg”), 1 ppg, or 5 ppg by volume of the treatment fluid to an upper
limit of about 30 ppg, 20 ppg, or 10 ppg by volume of the treatment fluid, and
wherein the amount may range from any lower limit to any upper limit and
encompasses any subset therebetween.

[0041] In some embodiments, the treatment fluids described herein
may optionally further comprise additives. Suitable additives may include, but
are not limited to, weighting agents, inert solids, fluid loss control agents,
emulsifiers, dispersion aids, corrosion inhibitors, emulsion thinners, emulsion
thickeners, surfactants, lost circulation materials, pH control additives, breakers,
biocides, crosslinkers, stabilizers, chelating agents, scale inhibitors, gas hydrate
inhibitors, mutual solvents, oxidizers, reducers, clay stabilizing agents, and the
like, and any combination thereof. One of ordinary skill in the art should
understand which additives and at what concentration should be included in the
treatment fluid for use in a desired method. By way of nonlimiting example, clay
stabilizing agents may be included in the treatment fluids described herein for
high-rate water fracturing of water-sensitive clays.
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[0042] In some embodiments, the treatment fluids comprising the
ampholyte polymeric compounds may be useful in a plurality of subterranean
operations where friction reduction is desired like stimulation operations (e.g.,
fracturing treatments, acidizing treatments, or fracture acidizing treatments),
and completion operations.

[0043] Some embodiments may involve introducing a treatment
fluid described herein (e.g., comprising a base fluid, the ampholyte polymeric
compounds, optionally foaming agents and gases, optionally gelling agents,
optionally particulates, and optionally comprising additives) into a wellbore
penetrating a subterranean formation.

[0044] In some embodiments, a treatment fluid described herein
may be used for a high-rate water fracturing operation, also known as a
“slickwater” fracturing operation. As will be appreciated by those of ordinary skill
in the art, fracturing fluids used in these operations are generally not gels,
though gelling agents may be included at low concentrations (e.g., about 0.5%
by weight of the treatment fluid or less). As such, in high-rate water fracturing,
fluid velocity rather than viscosity is relied on for formation fracturing, fracture
propagation, and proppant transport. The use of the ampholyte polymeric
compounds as a friction reducing agent in such operations may advantageously
allow for higher fluid flow rates, thereby increasing the efficiency and efficacy of
the operation. Typically the treatment fluids utilized in high-rate water fracturing
operations have a viscosity of about 0.7 cP to about 10 cP. For the purposes of
this disclosure, viscosities are measured at room temperature using a FANN®
Model 35 viscometer at 300 rpm with a 1/5 spring.

(0045] In some instances, a high-rate water fracturing operation

may involve fracturing the formation and forming a particulate pack in a fracture
with two different fluids, which may be introduced consecutively without pause

(e.g., metering in particulates after fracturing). Some embodiments may involve
introducing a first treatment fluid having a viscosity of about 0.7 cP to about 10
cP into a wellbore penetrating a subterranean formation at a rate and a pressure
that is at or near the fracture extension pressure of the subterranean formation,
SO as to create or extend at least one fracture in the subterranean formation;
and forming a particulate pack with a second treatment fluid comprising a
plurality of particulates, wherein at least one of the first and second treatment
fluids comprise ampholyte polymeric compounds described herein. That is, in
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some instances, the first treatment fluid may c'omprise a base fluid, ampholyte
polymeric compounds, and optionally a gelling agent. In some instances, the
second treatment fluid may comprise a base fluid, ampholyte polymeric
compounds, a plurality of particulates, and optionally a gelling agent. In some
embodiments, both the first and second treatment fluids may comprise
ampholyte polymeric compounds and optionally a gelling agent.

[0046] In some instances, a high-rate water fracturing operation
may involve fracturing the formation while simultaneously forming a particulate
pack in a fracture. Some embodiments may involve introducing a treatment fluid
comprising particulates (e.g., comprising a base fluid, ampholyte polymeric
compounds, a plurality of particulates, and optionally a gelling agent) having a
viscosity of about 0.7 cP to about 10 cP into a wellbore penetrating a
subterranean formation at a rate and a pressure that is at or near the fracture
extension pressure of the subterranean formation, so as to create or extend at
least. one fracture in the subterranean formation and form a particulate pack in
at least a portion of the fracture.

[0047] In some embodiments, a treatment fluid described herein
may be used for a fracturing operation that relies on the viscosity of the
treatment fluid for formation fracturing, fracture propagation, and proppant
transport. Some embodiments may involve introducing a first treatment fluid
having a viscosity of about 10 cP or greater (e.g., up to 1,000 cP or higher
depending on the treatment fluid) into a wellbore penetrating a subterranean
formation at a pressure sufficient to create or extend at least one fracture in the
subterranean formation; and forming a particulate pack in the fracture with a
second treatment fluid comprising a plurality of particulates, wherein at least
one of the first and second treatment fluids comprise ampholyte polymeric
compounds described herein.

[0048] In some instances, the first and/or second treatment fluid
may be foamed. In some instances, the first and/or second treatment fluid may
be gelled. For example, in some embodiments, the first and/or second treatment
fluid may comprise a base fluid, ampholyte polymeric compounds, a gelling
agent, and optionally additives, wherein the second treatment fluid further
comprises a plurality of particulates. While, in other embodiments, the first

treatment fluid may comprise a base fluid, ampholyte polymeric compounds, a
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foaming agent, a gas, and optionally additives, wherein the second treatment
fluid further comprises a plurality of particulates.

[0049] Some embodiments (e.g., the fracturing embodiments
disclosed herein) may further involve breaking the treatment fluid comprising
the ampholyte polymeric compounds. In some instances, breaking may be
achieved by partially hydrolyzing the ampholyte polymeric compounds. Partial
hydrolysis (or breaking) may be achieved by increasing the temperature,
increasing the pH, or both.

[0050] In some instances, breaking may be achieved by exposure to
the elevated temperatures in the wellbore and/or subterranean formation. For
example, the bottom ho|e circulating temperature may be about 100°F or
greater (e.g., about 100°F to about 200°F, about 120°F to about 200°F, or
about 150°F to about 200°F). The rate of breaking (or partial hydrolysis and
contraction of the ampholyte polymeric compounds) may depend on the
composition of the ampholyte polymeric compounds, the relative ratios of the
monomers of the ampholyte polymeric compounds, the TDS of the treatment
fluid, and the like. Therefore, in some instances, the methods may include
breaking the treatment fluid comprising the ampholyte polymeric compounds
with minimal to no chemical breaker (e.g., less than about 1% of a chemical
breaker).

[0051] In some instances, breaking may involve increasing the pH of
the treatment fluid comprising the ampholyte polymeric compounds. Increasing
the pH may be achieved by introducing a suitable breaking fluid or including a
suitable breaker in the treatment fluid (e.g., sodium perborate).

[0052] In various embodiments, systems configured for delivering
the treatment fluids described herein to a downhole location are described. In
various embodiments, the systems can comprise a pump fluidly coupled to a
tubular, the tubular containing a treatment fluid comprising a base fluid and an
ampholyte polymeric compound, wherein the ampholyte polymeric compound
comprises at least one nonionic monomer, at least one sulfonic acid-containing
monomer, and at least one cationic monomer, and wherein the ampholyte
polymeric compound is present at about 0.001 v/v% to about 0.5 v/v% of the
treatment fluid.

[0053] The pump may be a high pressure pump in some
embodiments. As used herein, the term “high pressure pump” will refer to a
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pump that is capable of delivering a fluid downhole at a pressure of about 1000
psi or greater. A high pressure pump may be used when it is desired to

introduce the treatment fluid to a subterranean formation at or above a fracture
gradient of the subterranean formation, but it may also be used in cases where
fracturing is not desired. In some embodiments, the high pressure pump may
be capable of fluidly conveying particulate matter, such as proppant particulates,
into the subterranean formation. Suitable high pressure pumps will be known to
one having ordinary skill in the art and may include, but are not limited to,
floating piston pumps and positive displacement pumps.

[0054] In other embodiments, the pump may be a low pressure
pump. As used herein, the term “low pressure pump” will refer to a pump that
operates at a pressure of about 1000 psi or less. In some embodiments, a low
pressure pump may be fluidly coupled to a high pressure pump that is fluidly
coupled to the tubular. That is, in such embodiments, the low pressure pump
may be configured to convey the treatment fluid to the high pressure pump. In
such embodiments, the low pressure pump may “step up” the pressure of the
treatment fluid before it reaches the high pressure pump.

[0055] In some embodiments, the systems described herein can
further comprise a mixing tank that is upstream of the pump and in which the
treatment fluid is formulated. In various embodiments, the pump (e.g., a low
pressure pump, a high pressure pump, or a combination thereof) may convey
the treatment fluid from the mixing tank or other source of the treatment fluid to
the tubular. In other embodiments, however, the treatment fluid can be
formulated offsite and transported to a worksite, in which case the treatment
fluid may be introduced to the tubular via the pump directly from its shipping
container (e.g., a truck, a railcar, a barge, or the like) or from a transport
pipeline. In either case, the treatment fluid may be drawn into the pump,
elevated to an appropriate pressure, and then introduced into the tubular for
delivery downhole.

[0056] Figure 1 shows an illustrative schematic of a system that can

deliver treatment fluids of the present invention to a downhole location,
according to one or more embodiments. It should be noted that while Figure 1
generally depicts a land-based system, it is to be recognized that like systems
may be operated in subsea locations as well. As depicted in Figure 1, system 1
may include mixing tank 10, in which a treatment fluid of the present invention
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may be formulated. The treatment fluid may be conveyed via line 12 to
wellhead 14, where the treatment fluid enters tubular 16, tubular 16 extending
from wellhead 14 into subterranean formation 18. Upon being ejected from
tubular 16, the treatment fluid may subsequently penetrate into subterranean
formation 18. Pump 20 may be configured to raise the pressure of the
treatment fluid to a desired degree before its introduction into tubular 16. It is
to be recognized that system 1 is merely exemplary in nature and various
additional components may be present that have not necessarily been depicted
in Figure 1 in the interest of clarity. Non-limiting additional components that
may be present include, but are not limited to, supply hoppers, valves,
concdensers, adapters, joints, gauges, sensors, COmMpressors, pressure
controllers, pressure sensors, flow rate controllers, flow rate sensors,
temperature sensors, and the like.

[0057] Although not depicted in Figure 1, the treatment fluid may, in
some embodiments, flow back to wellhead 14 and exit subterranean formation
18. In some embodiments, the treatment fluid that has flowed back to wellhead
14 may subsequently be recovered and recirculated to subterranean formation
18. '

[0058] It is also to be recognized that the disclosed treatment fluids
may also directly or indirectly affect the various downhole equipment and tools
that may come into contact with the treatment fluids during operation. Such
equipment and tools may include, but are not limited to, wellbore casing,
wellbore liner, completion string, insert strings, drill string, coiled tubing,
slickline, wireline, drill pipe, drill collars, mud motors, downhole motors and/or
pumps, surface-mounted motors and/or pumps, centralizers, turbolizers,

scratchers, floats (e.g., shoes, collars, valves, etc.), logging tools and related
telemetry equipment, actuators (e.q., electromechanical devices,

hydromechanical devices, etc.), sliding sleeves, production sleeves, plugs,
screens, filters, flow control devices (e.g., inflow control devices, autonomous
inflow control devices, outflow control devices, etc.), couplings (e.g., electro-
hydraulic wet connect, dry connect, inductive coupler, etc.), control lines (e.g.,
electrical, fiber optic, hydraulic, etc.), surveillance lines, drill bits and reamers,
sensors or distributed sensors, downhole heat exchangers, valves and
corresponding actuation devices, tool seals, packers, cement plugs, bridge plugs,
and other wellbore isolation devices, or components, and the like. Any of these
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components may be included in the systems generally described above and
depicted in Figure 1.

[0059] Embodiments disclosed herein include:

[0060] A. A method that includes introducing a treatment fluid
into a wellbore penetrating a subterranean formation, wherein the treatment
fluid comprises a base fluid and an ampholyte polymeric compound, wherein the
ampholyte polymeric compound comprises at least one nonionic monomer, at
least one sulfonic acid-containing monomer, and at least one cationic monomer,
and wherein the ampholyte polymeric compound is present at about 0.001 v/v%
to about 0.5 v/v% of the treatment fluid.

[0061] B. A method that includes introducing a treatment fluid
having a viscosity of about 0.7 cP to about 10 cP into a wellbore penetrating a
subterranean formation at a rate and a pressure that is at or near the fracture
extension pressure of the subterranean formation so as to create or extend at
least one fracture in the subterranean formation, wherein the treatment fluid
comprises a base fluid, an ampholyte polymeric compound, and a plurality of
particulates, wherein the ampholyte polymeric compound comprises at least one
nonionic monomer, at least one sulfonic acid-containing monomer, and at least
one cationic monomer, and wherein the ampholyte polymeric compound is
present at about 0.001 v/v% to about 0.5 v/v% of the treatment fluid; and
forming a particulate pack comprising the particulates in the fracture.

[0062] C. A method that includes introducing a treatment fluid
into a wellbore penetrating a subterranean formation at a pressure sufficient to
create or extend at least one fracture in the subterranean formation, wherein the
ampholyte polymeric compound comprises at least one nonionic monomer, at
least one sulfonic acid-containing monomer, and at least one cationic monomer,
and wherein the ampholyte polymeric compound is present at about 0.001 v/v%
to about 0.5 v/v% of the treatment fluid.

[0063] Each of Embodiments A, B, and C may have one or more of

the following additional elements in any combination: Element 1: the nonionic
monomer being acrylamide; Element 2: the nonionic monomer being about 30%
to about 50% by weight of the ampholyte polymeric compound; Element 3: the
sulfonic acid-containing monomer being 2-acrylamido-2-methylpropane sulfonic
acid or a salt thereof; Element 4: the sulfonic acid-containing monomer being

about 5% to about 15% by weight of the ampholyte polymeric compound;
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Element 5: the sulfonic acid-containing monomer being acryloyloxy ethyl
trimethyl ammonium chloride, methacrylamidopropyltrimethyl ammonium
chloride, or a combination thereof; Element 6: the cationic monomer being
about 40% to about 60% by weight of the ampholyte polymeric compound;
Element 7: the method further including partially hydrolyzing the ampholyte
polymeric compound; Element 8: the treatment fluid further comprising a
plurality of particulates (unless otherwise provided for); Element 9: the base
fluid being an oil-in-water emulsion; Element 10: the base fluid being an
aqueous fluid, and Element 11: the ampholyte polymeric compound having a
molecular weight of about 2,000,000 to about 20,000,000.

[0064] By way of non-limiting example, exemplary combinations
applicable to Embodiments A, B, and C include: Element 1 in combination with
Element 2, Element 3 in combination with Element 4; Element 5 in combination
with Element 6; at least two of the foregoing in combination; at least one of
Elements 7-11 in combination with the foregoing; and so on.

[0065] Further, Embodiment C may have one or more of the
following additional elements: Element 12: the method further including forming
a particulate pack in the fracture with a second treatment fluid that comprises a
second base fluid, a second ampholyte polymeric compound at a viscosifying
concentration, and a plurality of particulates; Element 13: Element 12 in
combination with the second base fluid being the base fluid and the second
ampholyte polymeric compound being the ampholyte polymeric compound; and
Element 14: Element 12 or Element 13 in combination with partially hydrolyzing
the second ampholyte polymeric compound.

[0066] Another embodiment described herein may be a method that
includes providing a treatment fluid comprising a base fluid and an ampholyte
polymeric compound at about 0.001 v/v% to about 0.5 v/v% of the treatment
fluid, the ampholyte polymeric compound comprising acrylamide monomer that
is about 30% to about 50% by weight of the ampholyte polymeric compound, 2-
acrylamido-2-methylpropane suifonic acid monomer or a salt thereof that is
about 5% to about 15% by weight of the ampholyte polymeric compound, and
at least one cationic monomer that is about 40% to about 60% by weight of the
ampholyte polymeric compound, wherein the cationic acid-containing monomer
IS acryloyloxy ethyl trimethyl ammonium chloride,

methacrylamidopropyltrimethyl ammonium chloride, or a combination thereof;
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and introducing the treatment fluid into a wellbore penetrating a subterranean
formation. .

[0067] While compositions and methods are described in terms of
“comprising” various components or steps, the compositions and methods can
also “consist essentially of” or “consist of” the various components and steps.
When “comprising” is used in a claim, it is open-ended.

[0068] Unless otherwise indicated, all numbers expressing quantities
of ingredients, properties such as molecular weight, reaction conditions, and so
forth used in the present specification and associated claims are to be
understood as being modified in all instances by the term “about.” Accordingly,
unless indicated to the contrary, the numerical parameters set forth in the
following specification and attached claims are approximations that may vary
depending upon the desired properties sought to be obtained by the exemplary
embodiments described herein. At the very least, and not as an attempt to limit
the application of the doctrine of equivalents to the scope of the claim, each
numerical parameter should at least be construed in light of the number of
reported significant digits and by applying ordinary rounding techniques.

[0069] The embodiments disclosed herein are illustrative. Not all
features of an actual implementation are described or shown in this application
for the sake of clarity. It is understood that in the development of an actual
embodiment incorporating the embodiments disclosed herein, numerous
implementation-specific decisions must be made to achieve the developer's
goals, such as compliance with system-related, business-related, government-
related and other constraints, which vary by implementation and from time to
time. While a developer's efforts might be complex and time-consuming, such
efforts would be, nevertheless, a routine undertaking for those of ordinary skill
the art having benefit of this disclosure.

[0070] To facilitate a better understanding of the exemplary
embodiments described herein, the following examples of preferred or
representative embodiments are given. In no way should the following examples
be read to limit, or to define, the scope of the exemplary embodiments described

herein.
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EXAMPLES

[0071] Example 1. Samples were prepared with individual friction
reducers at a concentration of 1 gallon per thousand gallons (i.e., 0.1% by
volume) in water:

(1) a commercially available friction reducing agent containing partially

hydrolyzed polyacrylamide;
- (2) a multi-component, cationic friction reducing agent

(3) an ampholyte polymeric compound comprising a terpolymer of

acrylamide, 2-acrylamido-2-methylpropane sulfonic acid, and
acryloyloxy ethyl trimethyl ammonium chloride.

[0072] The salinity of the samples (measured as ppm of TDS) was
then increased as the percent friction reduction ("%FR”) was analyzed by
pumping the sample through a test pipe while measuring the pressure drop with
a pressure transducer. The %FR is calculated based on the ratio between the
measured pressure drop of the sample and the pressure drop of a fresh water
control sample at the same tested flow rate and ambient temperature and
pressure.

[0073] As shown in Figure 2, the Sample 1 showed an immediate
decline in the %FR with increased salinity and a dramatic drop in %FR to
essentially no friction reduction from about 100,000 to about 150,000 ppm TDS.
Samples 2 and 3 showed similar performance over the salinity range tested with
only about a 5%-10% variations in the %FR from 0 ppm to about 250,000 ppm
TDS.

[0074] This example demonstrates that the one-component friction
reducing agent of an ampholyte polymeric compound outperforms other
polymeric friction reducing agents with increased TDS and provides comparable

performance to the more complex friction reducing agents tend to be expensive

and complicated to implement.
[0075] Example 2. Samples of an ampholyte polymeric compound

comprising a terpolymer of acrylamide, 2-acrylamido-2-methylpropane sulfonic
acid, and acryloyloxy ethyl trimethyl ammonium chloride in water were analyzed
for degradation rates by analyzing the viscosity of the fluid over time at various
temperatures:

(1) room temperature,

(2) ramp to 150°F, and
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(3) ramp to 190°F.

[0076] As shown in Figure 3, the viscosity of the room temperature
sample decreased from about 4.75 cP to about 1 cP over about 6 hours while the
150°F sample decreased from about 5 cP to about 0.4 cP over about 25 minutes
and the 190°F sample decreased from about 5 cP to about 0.4 cP over about 15
minutes. Reduction in viscosity to such levels indicates that the polymer is
partially hydrolyzed and contracted. As shown, the hydrolysis is temperature
dependent indicating that in some instances the native temperature of the
subterranean formation may be such that an ampholyte polymeric compound
may be capable of breaking with minimal to no additional breaker.

[0077] Example 3. Samples were prepared with (1) partially
hydrolyzed polyacrylamide in water (2) an ampholyte polymeric compound
comprising a terpolymer of acrylamide, 2-acrylamido-2-methylpropane sulfonic
acid, and acryloyloxy ethyl trimethyl ammonium chloride in water. The
concentration of each of the polymers was at infinite dilution, which is a term
known in the art that one of ordinary skill in the art can determine. The intrinsic
viscosity of the samples were measured over about 75 hours. As illustrated in
Figure 4, the ampholyte polymeric compound sample reduced in intrinsic
viscosity from about 95 dL/g to about 2 dL/g, while the polyacrylamide sample
had a relatively steady intrinsic viscosity of about 100 dL/g over the 75 hour
time frame. This demonstrates that the ampholyte polymeric compounds may be
capable of breaking over time without the use of chemical breakers due, at least
in part, to the partial hydrolysis of the ampholyte polymeric compound (e.g., the
acryloyloxy ethyl trimethyl ammonium chloride to acrylic acid).

[0078] Example 4. Samples were prepared with an ampholyte
polymeric compound comprising a terpolymer of acrylamide, 2-acrylamido-2-
methylpropane sulfonic acid, and acryloyloxy ethyl trimethyl ammonium chloride
at 0.1 vol% in (1) water, (2) 50,000 ppm brine, and (3) 250,000 ppm brine. The
samples were heated to 150°F, and the viscosity of each sample was analyzed at
a shear rate of 40 s™. Figure 5 illustrates that sample in water achieved the
highest initial viscosity, while both of the brine samples achieved about 1/3 the
initial viscosity as the water sample. However, over time, the higher the TDS of
the sample the less reduction in the viscosity (i.e., less hydrolysis and
contraction of the ampholyte polymeric compound).
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[0079] Example 5. Samples were prepared with (1) 0.1 vol%
polyacrylamide, (2) 0.1 vol% polyacrylamide and 1 Ib/1,000 gal of a chemical
breaker, and (3) 0.1 vol% of an ampholyte polymeric compound comprising a
terpolymer of acrylamide, 2-acrylamido-2-methyipropane sulfonic acid, and
acryloyloxy ethyl trimethyl ammonium chloride in water. Samples were run
through various core/sand pack samples to determine the regain permeability of
the core/sand pack samples after treatment.

[0080] In the regain permeability tests, the initial permeability was
measured by flowing 7% KC| through the core/sand pack sample. Then, the
samples were pumped through the core/sand pack sample at a rate of five pore
volumes. The treated core/sand pack sample was shut-in overnight at 150°F.
The permeability was once again tested by flowing 7% KCI through the
core/sand pack sample. Table 1 provides the initial permeability and percent of
permeability regained.

Table 1
Fluid Sample Core/Sand Pack Initial Permeability | Regain Permeability
100 mesh sand o
(2) pack 1.5D 96%
100 mesh sand o
() Berea core 91 mD
(2) Berea core 106 mD 83%
(3) Berea core 77 mD 80%
) Nugget 2.5 mD
(3) Nugget 1.8 mD

[0081] This example demonstrates that the ampholyte polymeric
compound, with no additional chemical breaker, provides for similar or better
regain in permeability to a traditional friction reducer with a chemical breaker.

[0082] Therefore, the exemplary embodiments described herein are
well adapted to attain the ends and advantages mentioned as well as those that
are inherent therein. The particular embodiments disclosed above are illustrative
only, as the exemplary embodiments described herein exemplary embodiments
described herein may be modified and practiced in different but equivalent
manners apparent to those skilled in the art having the benefit of the teachings
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herein. Furthermore, no limitations are intended to the details of construction or
design herein shown, other than as described in the claims below. It is therefore

evident that the particular illustrative embodiments disclosed above may be
altered, combined, or modified and all such variations are considered within the
scope and spirit of the exemplary embodiments described herein. The exemplary
embodiments described herein illustratively disclosed herein suitably may be
practiced in the absence of any element that is not specifically disclosed herein
and/or any optional element disclosed herein. While compositions and methods
are described in terms of “comprising,” “containing,” or “including” various
components or steps, the compositions and methods can also “consist essentially
of” or “consist of” the various components and steps. All numbers and ranges
disclosed above may vary by some amount. Whenever a numerical range with a
lower limit and an upper limit is disclosed, any number and any included range
falling within the range is specifically disclosed. In particular, every range of
values (of the form, “from about a to about b,” or, equivalently, “from
approximately a to b,” or, equivalently, “from approximately a-b"”) disclosed
herein is to be understood to set forth every number and range encompassed
within the broader range of values. Also, the terms in the claims have their
plain, ordinary meaning unless otherwise explicitly and clearly defined by the
patentee. Moreover, the indefinite articles “"a” or “an,” as used in the claims, are
defined herein to mean one or more than one of the element that it introduces.
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CLAIMS
The invention claimed Is:
L. A method comprising:
aroviding a treatment fluid comprising a base fluid and an
ampholyte polymeric compound, the ampholyte polymeric compound comprising
30-50% by weight of at least one nonionic monomer, 5-15% by weight of at
least one sulfonic acid-containing monomer, and 40-60% of at least one cationic
monomer,
wherein the treatment fluid comprises 100,000 to 250,000 ppm of total
dissolved solids;
wherein the ampholyte polymeric compound is present at a friction
reducing concentration of about 0.001 v/v% to about 0.5 v/v% of the treatment
fluid: and
reducing friction between the fluid and the wellbore using the

treatment fluid in a wellbore penetrating a subterranean formation.,

2. The method of claim 1, wherein the nonionic monomer IS
acrylamide.
3. The method of claim 1, wherein the nonionic monomer is 35% to

45% by weight of the ampholyte polymeric compound.

4. The method of claim 1, wherein the sulfonic acid-containing
monomer is 2-acrylamido-2-methylpropane sulfonic acid or a salt thereof.

5. The method of claim 1, wherein the sulfonic acid-containing
monomer is 8% to 12% by weight of the ampholyte polymeric compound.

6. The method of claim 1, wherein the cationic monomer is
acryloyloxy ethyl trimethyl ammonium chloride, methacrylamidopropyltrimethyl
ammonium chloride, or a combination thereof,

7. The method of claim 1, wherein the cationic monomer is 45% to
55% by weight of the ampholyte polymeric compound.

8. The method of claim 1 further comprising:

partially hydrolyzing the ampholyte polymeric compound.

9. The method of claim 1, wherein the treatment fluid further
comprises a plurality of particulates.

10.  The method of claim 9, wherein the treatment fluid has a viscosity
of 0.7 ¢cP to 10 cP; wherein introducing the treatment fluid is at a rate and a

pressure that is at or near the fracture extension pressure of the subterranean
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formation so as to create or extend at least one fracture in the subterranean
formation; and wherein the method further comprises forming a particulate pack
comprising the particulates in the fracture.

11. A method comprising:

reducing friction between a fluid and a wellbore while fracturing by
introducing a treatment fluid into the wellbore penetrating a subterranean
formation at a pressure sufficient to create or extend at least one fracture in the
subterranean formation;
wherein the treatment fluid comprising a base fluid, an
ampholyte polymeric compound, and a gelling agent; and
wherein the ampholyte polymeric compound comprises 30-
50% of at least one nonionic monomer, 5-15% of at ieast one sulfonic acid-
containing monomer, and 40-60% by weight of at ieast one cationic monomer
wherein the treatment fluid comprises 100,000 to 250,000
ppm of total dissolved solids; and
wherein the ampholyte polymeric compound is present at a
friction reducing concentration of 0.001 v/v% to 0.5 v/v% of the
treatment fluid.

12. The method of claim 11 further comprising:

providing a seconhd treatment fluid that comprises a second base
fluid, a second ampholyte polymeric compound, a gas, a foaming agent, and a
plurality of particulates, and
placing the second treatment fluid into the at least one fracture to form a
particulate pack in the fracture.

13. The method of claim 12, wherein the second base fluid is the same
as the first base fluid and the second ampholyte polymeric compound is the
same as the first ampholyte polymeric compound.

14. The method of claim 11, wherein the nonionic monomer is
acrylamide.,

15. The method of claim 11, wherein the nonionic monomer is 35% to
45% by weight of the ampholyte polymeric compound.

16. The method of claim 11, wherein the sulfonic acid-containing
monomer s 2-acrylamido-2-methylpropane sulfonic acid or a salt thereof.

17.  The method of claim 11, wherein the sulfonic acid-containing

monomer is 8% to 12% by weight of the ampholyte polymeric compound.
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18. The method of claim 11, wherein the cationic monomer is
acryloyloxy ethyl trimethyl ammonium chloride, methacrylamidopropyltrimethy!
ammonium chloride, or a combination thereof.

19. The method of claim 11, wherein the cationic monomer is 45% to
55% by weight of the ampholyte polymeric compound.

20, A method comprising:

providing a treatment fluid having a viscosity of between 0.7 cP and
10 cP and comprising a base fluid having from 100,000 to 250,000 ppm of total
dissolved solids, and an ampholyte polymeric compound present at a friction
reducing concentration of 0.001 v/v% to 0.5 v/v% of the treatment fluid, the
ampholyte polymeric compound comprising acrylamide monomer that is 30% to
50% Dby weight of the ampholyte polymeric compound, 2-acrylamido-2-
methylpropane sulfonic acid monomer or a salt thereof that is 5% to 15% by
weignt of the ampholyte polymeric compound, and at least one cationic
monomer that is 40% to 60% by weight of the ampholyte polymeric compound,
wherein the at least one cationic monomer is acryloyloxy ethy!l trimethyl
ammonium chioride; and

introducing the treatment fluid into a wellbore penetrating a
subterranean formation at a rate sufficient to create or extend a fracture within
the subterranean formation, and wherein the regain permeability after the
treatment fluigd has been in the subterranean formation is 50% or greater.

21. A method comprising:

providing a treatment fluid comprising a base fluid and an
ampholyte polymeric compound, the ampholyte polymeric compound comprising
30-50% by weight of at least one nonionic monomer, 5-15% by weight of at

least one sulfonic acid-containing monomer, and 40-60% of at least one cationic

monomer,
wherein the at least one nonionic monomer is acrylamide;

wherein the at least one sulfonic acid-containing monomer is 2-
acrylamido-2-methlypropane sulfonic acid or a salt thereof:
wherein the at least one cationic monomer is acryloyloxy ethyl trimethy!

ammonium chloride, methacrylamidopropyitrimethyl ammonium chloride, or a

combination thereof;

wherein the treatment fluid comprises 100,000 to 250,000 ppm of total

dissolved solids;
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wherein the ampholyte polymeric compound is present at a friction
reducing concentration of about 0.001 v/v% to about 0.5 v/v% of the treatment
fluid;

reducing friction between the fluid and the wellbore using the
treatment fluid in a wellbore penetrating a subterranean formation;, and

wherein the treatment fluid has less than a 10% variation in friction
reduction in a salinity range from 100,000 to about 250,000 ppm of total
dissolved solids.

22. The method of claim 21, wherein the at least one nonionic
monomer is 35% to 45% by weight of the ampholyte polymeric compound.

23. The method of claim 21, wherein the at least one sulfonic acid-
containing monomer is 8% to 12% by weight of the ampholyte polymeric
compound.

24, The method of claim 21, wherein the at least one cationic monomer
s 45% to 55% by weight of the ampholyte polymeric compound.

25. The method of claim 21 further comprising:

partially hydrolyzing the ampholyte polymeric compound.

26. The method of claim 21, wherein the treatment fluid further
comprises a plurality of particulates.

27. The method of claim 26, wherein the treatment fiuid has a viscosity
of 0.7 cP to 10 cP; wherein introducing the treatment fluid is at a rate and a
pressure that is at or near the fracture extension pressure of the subterranean
formation so as to create or extend at least one fracture in the subterranean
formation; and wherein the method further comprises forming a particulate pack
comprising the particulates in the fracture.

28. A method comprising:

reducing friction between a fluid and a wellbore while fracturing by
introducing a treatment fluid into the wellbore penetrating a subterranean
formation at a pressure sufficient to create or extend at least one fracture in the
subterranean formation;

wherein the treatment fluid comprising a base fluid, an ampholyte
nolymeric compound, and a gelling agent;

wherein the ampholyte polymeric compound comprises 30-50% of
at least one nonionic monomer, 5-15% of at least one sulfonic acid-containing

monomer, and 40-60% by weight of at least one cationic monomer;
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wherein the at least one nonionic monomer is acrylamide;

wherein the at least one sulfonic acid-containing monomer is 2-
acrylamido-2-methlypropane sulfonic acid or a salt thereof;

wherein the at least one cationic monomer is acryloyloxy ethyl trimethy!|
ammonium chloride, methacrylamidopropyltrimethyl ammonium chloride, or a
combination thereof;

wherein the treatment fluid comprises 100,000 to 250,000 ppm of total
dissolved solids;

wherein the ampholyte polymeric compound is present at a friction
reducing concentration of 0.001 v/v% to 0.5 v/v% of the treatment fluid; and

wherein the treatment fluid has less than a 10% variation in friction
reduction in a salinity range from 100,000 to about 250,000 ppm of total
dissolved solids.

29. The method of claim 27 further comprising:

providing a second treatment fluid that comprises a second base fluid, a
second ampholyte polymeric compound at a friction reducing concentration, a
gas, a foaming agent, and a plurality of particulates, and

placing the second treatment fluid into the at least one fracture to form a
particuiate pack in the fracture.

30. The method of claim 29, wherein the second base fluid is the same
as the first base fluid and the second ampholyte polymeric compound is the
same as the first ampholyte polymeric compound.

31. The methecd of claim 11, wherein the at least one nonionic
monomer is 35% to 45% by weight of the ampholyte polymeric compound.

32. The method of claim 27, wherein the at least one sulfonic acid-
containing monomer is 8% to 12% by weight of the ampholyte polymeric
compound.

33. The method of claim 27, wherein the at least one cationic monomer
s 45% to 55% by weight of the ampholyte polymeric compound.

34. A method comprising:

providing a treatment fluid having a viscosity of between 0.7 cP and
10 cP and comprising a base fluid having from 100,000 to 250,000 ppm of total
dissoived solids, and an ampholyte polymeric compound present at a friction
reducing concentration of 0.001 v/v% to 0.5 v/v9% of the treatment fluid, the

ampholyte polymeric compound comprising acrylamide monomer that is 30% to
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50% by weight of the ampholyte polymeric compound, 2-acrylamido-2-
methylpropane sulfonic acid monomer or a salt thereof that is 5% to 15% by
weight of the ampholyte polymeric compound, and at least one cationic
monomer that is 40% to 60% by weight of the ampholyte polymeric compound,

wherein the at least one cationic monomer is acryloyloxy ethyl trimethyl

ammonium chloride;

introducing the treatment fluid into a welibore penetrating a
subterranean formation at a rate sufficient to create or extend a fracture within
the subterranean formation, and wherein the regain permeability after the

treatment fluid has been in the subterranean formation is 50% or greater,

wherein the treatment fluid has less than a 10% variation in friction

reduction in a salinity range from 100,000 to about 250,000 ppm of total

dissolved solids.
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