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METHODS AND SYSTEMS FOR
DETERMINATION OF FLUID INVASION IN
RESERVOIR ZONES

CROSS-REFERENCE TO RELATED
APPLICATIONS

[0001] The present application claims priority under 35
US.C. § 119(e) to U.S. Provisional Application Ser. No.
60/819,330 filed Jul. 7, 2006, incorporated by reference
herein in its entirety.

BACKGROUND OF THE INVENTION
[0002]

[0003] The present invention relates generally to methods
for stimulating hydrocarbon-bearing formations, i.e., to
increase the production of hydrocarbon oil and/or gas from
the formation and more particularly, to methods for moni-
toring fluid placement during matrix treatments. The inven-
tion also relates to increasing injectivity of an injector.

[0004] 2. Related Art

[0005] Hydrocarbons (oil, natural gas, etc.) are obtained
from a subterranean geologic formation (i.e., a “reservoir”)
by drilling a well that penetrates the hydrocarbon-bearing
formation and thus causing a pressure gradient that forces
the fluid to flow from the reservoir to the well. Often, well
production is limited by poor permeability either due to
naturally tight formations or due to formation damages
typically arising from prior well treatment, such as drilling.

1. Field of Invention

[0006] To increase the net permeability of a reservoir, it is
common to perform a well stimulation treatment. A common
stimulation technique consists of injecting an acid that reacts
with and dissolves the formation damage or a portion of the
formation thereby creating alternative flow paths for the
hydrocarbons to migrate through the formation to the well.
This technique known as acidizing (or more generally as
matrix stimulation) may eventually be associated with frac-
turing if the injection rate and pressure is enough to induce
the formation of a fracture in the reservoir.

[0007] Fluid placement is critical to the success of stimu-
lation treatments. Natural reservoirs are often heteroge-
neous; the fluid will preferentially enter areas of higher
permeability in lieu of entering areas where it is most
needed. Each additional volume of fluid follows the path of
least resistance, and continues to invade in zones that have
already been treated. Therefore, it is difficult to place the
treating fluids in severely damaged and lower permeability
zones.

[0008] In order to control placement of treating fluids,
various techniques have been employed. Mechanical tech-
niques involve for instance the use of ball sealers and
packers and of coiled tubing placement to specifically spot
the fluid across the zone of interest. Non-mechanical tech-
niques typically make use of gelling agents as diverters for
temporarily impairing the areas of higher permeability and
increasing the proportion of the treating zone that goes into
the areas of lower permeability.

[0009] Therefore, for evaluation and optimization of
matrix treatments it is of interest to measure the placement
of treating fluids. The present invention determines fluid
placement in the reservoir by the measurement and inter-
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pretation of one or more of temperature, pressure, and flow
rate of fluids injected into the wellbore and close to the fluid
exit from an oilfield tubular, such as coiled tubing, using
special diagnostic plots.

[0010] Some techniques have been proposed for tracking
fluid movement in the wellbore such as temperature mea-
surements, spinners and logging devices (for example
gamma ray logs) used in combination with radioactive
tracers in the fluids. Temperature measurement technologies
have focused mainly on an array of temperature sensors (see
published U.S. Patent Application Number 20040129418
Al) that allows one to obtain real time temperature profiles
for interpretation to support the decision making and/or
design modification process. To acquire the temperature
profile, the current practice is to maintain the CT/optical
fiber sensors stationary in the well to allow the well to
stabilize, before taking a “snap shot” of the temperature
profile of the well.

[0011] Published Patent Applications US20050263281,
W02005116388, US20050236161 and WO2005103437
describe technology to communicate between downhole
sensors and the surface to enable real time decision making
based on accurate (0.01% accuracy) bottomhole pressure
and temperature (1% accuracy) gauges. The technologies
outlined in these documents are primarily directed to the
measurement and telemetry but not interpretation of the
measured data.

[0012] The main problems with conventional stimulation/
fluid diversion methods and systems are that interpretation
of the measurements, whether gathered in realtime or
delayed, may be difficult. In most cases, interpretation will
come hours after the data is collected. If the telemetry
system is not hardwired to the surface, the delay time/data
time to the surface also becomes a hardship on timing for
interpretation. Another problem with conventional stimula-
tion diversion processes and systems is that the measure-
ments were not designed to provide a qualitative answer to
the service that is being performed. One of the many
services is flow diversion of fluid into a reservoir section of
a well. Another problem with conventional stimulation
diversion processes and systems is that they were never
designed to run on the end of oilfield tubulars such as coiled
tubing. This is especially true for the logging tool flow
meters which are designed to be run on the end of cable. This
makes them vulnerable to damage. Existing systems also
typically use a wired cable in the coiled tubing that increases
weight while decreasing reliability.

[0013] From the above it is evident that there is a need in
the art for new methods and new tools to perform the
methods that allow monitoring of fluid placement in hydro-
carbon-bearing reservoirs in real time.

SUMMARY OF THE INVENTION

[0014] In accordance with the present invention, methods
and systems (also referred to herein as tools or downhole
tools) for practicing the methods are described that reduce or
overcome problems in previously known methods and sys-
tems for determination of fluid flow in hydrocarbon reser-
voirs.

[0015] A first aspect of the invention are methods for
stimulating a subterranean hydrocarbon-bearing reservoir,
one method comprising:
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[0016] (a) contacting the formation with a treating fluid,

[0017] (b) monitoring the movement of said treating
fluid in said reservoir by providing one or more sensors
for measurement of temperature and/or pressure,
wherein the sensors are disposed on a support adapted
to maintain a given spacing between the sensors and the
fluid exit.

[0018] Methods within the invention may further com-
prise adjusting the composition of the treating fluid and
injection rates and/or pressure of the fluid in response to the
measurements made; methods wherein the adjusting step is
made in real time; methods wherein the support of sensors
is coiled tubing; methods wherein the support extends
substantially along the full length of the well; and methods
wherein fluids are injected from different flow paths.

[0019] One set of methods within the invention comprises:

[0020] (a)inserting a tubular into a wellbore, the tubular
comprising a section of tubing having at least one fluid
injection port and at least one temperature sensor
placed at a known location on the tubular;

[0021] (b) injecting a fluid through the at least one fluid
injection port;

[0022] (c) generating, in real time or at a later time,
diagnostic plot curves of temperature derivative with
respect to time and temperature derivative with respect
to coiled tubing depth, both obtained at a known fixed
distance from the fluid injection port; and

[0023] (d) interpreting shape of the curves to determine
location of regions of a hydrocarbon-bearing reservoir
exhibiting flow of the injected fluid, where the flow
ranges from zero to a non-zero value.

[0024] Methods in accordance with this aspect of the
invention allow for monitoring fluid placement during
matrix treatments by measuring the temperature of the
wellbore fluids at a fixed distance from the fluid injection
point. Certain methods within this aspect of the invention
rely on gathering bottomhole temperature and then using
specialized diagnostic plots to estimate the placement of
fluids. Certain methods employ plot curve interpretation
algorithms for temperature and/or pressure to identify
regions in cased or open-hole wells that are readily accept-
ing fluids (i.e., flow is non-zero), when any of the fluid types,
for example acid, brine, foams, and the like, are being
pumped, using a tubular during a matrix treatment. This
aspect of the invention proposes generating diagnostic plots
of temperature derivative with respect to time and coiled
tubing depth, t*dT/dt and D*dT/dD vs. time (T=Temp,
t=time, D=CT Depth), optionally as the data is obtained in
real time or non-real-time, optionally “smoothed” to reduce
any ‘“noise” in the data (if necessary), and then used to
interpret the shape of the curve to determine “active” regions
of' the reservoir that are readily accepting, marginally accept-
ing, or rejecting the injected fluids. Methods within the
invention may be used with inert as well as reactive fluids,
and while maintaining the tubular stationary as well as
moving the tubular.

[0025] Another method of the invention comprises:

[0026] (a)inserting a tubular into a wellbore, the tubular
comprising a section of tubing having at least one fluid
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injection port and at least one temperature sensor
placed at a known location on the tubular; and

[0027] (b) injecting a fluid through the tubular and
through the at least one fluid injection port;

[0028] (c) measuring time of arrival of the injected fluid
at the temperature sensor.

[0029] Methods within this aspect include providing two
or more temperature sensors and measuring the time for the
injected fluid to travel between two temperature sensors. For
example, if a slug of a fluid of low thermal conductivity
(such as foam) is pumped through the tubular, the time of
arrival of the low conductivity fluid can be observed at a
sensor at a known distance upstream or downstream of the
fluid injection point.

[0030] Another method of the invention comprises:

[0031] (a)inserting a tubular into a wellbore, the tubular
comprising a section of tubing having at least one fluid
injection port and at least one temperature sensor
placed at a known location on the tubular;

[0032] (b) injecting a first fluid through the tubular and
through at least one fluid injection port, the first fluid
having a first fluid property value;

[0033] (c) injecting a second fluid through an annulus
between the tubular and the wellbore, the second fluid
having a second fluid property value that is different
from the first fluid property value; and

[0034] (d) measuring a differential between the first and
second fluid property values.

[0035] Methods within this aspect of the invention may
include tracking a fluid interface between two fluids when
there are multiple injection paths in the wellbore. For
example, there may be injection of acid through the tubular
and injection of brine through the annulus defined between
the tubular and production tubing. Methods within the
invention include tracking the fluid interface based on the
difference in the temperature of the fluids. If the interface is
not at the desired location in the wellbore, the methods may
comprise adjusting flow rate of one or both fluids to move
the interface to a desired location.

[0036] Yet another method of the invention comprises:

[0037] (a) predicting a temperatures at one or more
sensors placed at known locations on a tubular to be
injected into a wellbore of a reservoir as a function of
reservoir permeability distribution;

[0038] (b) inserting the tubular into the wellbore, the
tubular comprising at least one fluid injection port;

[0039] (c) injecting a fluid through the at least one fluid
injection port;

[0040] (d) measuring actual temperatures at the one or
more sensors; and

[0041] (e) calculating error between the predicted and
the measured temperatures, and minimizing the errors
by iteratively adjusting the permeability distribution
along the wellbore length.

[0042] Inthese latter methods, an inverse model may be to
calculate the permeability distribution in the reservoir from
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a measured temperature response at one or more temperature
sensors. Certain methods within this aspect of the invention
may employ numerical simulation to predict the tempera-
tures at the sensors as a function of reservoir permeability
distribution. The error in the predicted and the measured
values can be minimized by iteratively adjusting the perme-
ability distribution along the well length.

[0043] In all methods and systems of the invention, while
the discussion primarily focuses on use of coiled tubing
(CT), the tubular may be selected from coiled tubing and
sectioned pipe wherein the sections may be joined by any
means (welded, screwed, flanged, and the like), and com-
binations thereof. Methods of the invention include those
wherein the injecting of the fluid is through the tubular to a
bottom hole assembly (BHA) attached to the distal end of
the tubular. Other methods of the invention include deter-
mining differential flow by monitoring, programming, modi-
fying, and/or measuring one or more parameters selected
from temperature, pressure, rotation of a spinner, measure-
ment of the Hall effect, volume of fluids pumped, fluid flow
rates, fluid paths (annulus, tubing or both), acidity (pH),
fluid composition (acid, diverter, brine, solvent, abrasive,
and the like), conductance, resistance, turbidity, color, vis-
cosity, specific gravity, density, and combinations thereof.
Yet other methods of the invention are those wherein the
measured parameter is measured at a plurality of points
upstream and downstream of the of the fluid injection point.
One advantage of systems and methods of the invention is
that fluid volumes and time spent on location performing the
fluid treatment/stimulation may be optimized.

[0044] Exemplary methods ofthe invention include evalu-
ating, modifying, and/or programming the fluid diversion in
realtime to ensure treatment fluid is efficiently diverted in a
reservoir. By determining more precisely the placement of
the treatment fluid(s), which may or may not include solids,
for example slurries, the inventive methods may comprise
controlling the injection via one or more flow control
devices and/or fluid hydraulic techniques to divert and/or
place the fluid into a desired location that is determined by
the objectives of the operation.

[0045] Methods in accordance with the invention may be
used prior to, during and post treatment, and any combina-
tion thereof, including during all of these.

[0046] Another aspect of the invention are systems, one
system comprising:

[0047] (a) a tubular comprising a section of tubing
having at least one fluid injection port and at least one
temperature sensor placed at a known location on the
tubular;

[0048] (b) a pump for injecting a fluid through the at
least one fluid injection port;

[0049] (c) a unit for generating, in real time or at a later
time, diagnostic plot curves of temperature derivative
with respect to time and temperature derivative with
respect to coiled tubing depth, both obtained at a known
fixed distance from the fluid injection port; and

[0050] (d) a curve shape interpreting unit for interpret-
ing the curves to determine location of regions of a
hydrocarbon-bearing reservoir exhibiting flow of the
injected fluid, where the flow ranges from zero to a
non-zero value.
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[0051] Another system of the invention comprises:

[0052] (a) a tubular comprising a section of tubing
having at least one fluid injection port and at least one
temperature sensor placed at a known location on the
tubular;

[0053] (b) a pump for injecting a fluid through the
tubular and through the at least one fluid injection port;
and

[0054] (c) a measuring unit for measuring time of
arrival of the injected fluid at the temperature sensor.

[0055] Another system within the invention comprises:

[0056] (a) a tubular comprising a section of tubing
having at least one fluid injection port and at least one
temperature sensor placed at a known location on the
tubular;

[0057] (b) a first pump for injecting a first fluid through
the tubular and through at least one fluid injection port,
the first fluid having a first fluid property value;

[0058] (c) a second pump for injecting a second fluid
through an annulus between the tubular and the well-
bore, the second fluid having a second fluid property
value that is different from the first fluid property value;
and

[0059] (d) a measuring unit for measuring a differential
between the first and second fluid property values.

[0060] Yet another system of the invention comprises:

[0061] (a) a prediction unit for predicting a temperature
at one or more sensors placed at known locations on a
tubular to be injected into a wellbore of a reservoir as
a function of reservoir permeability distribution;

[0062] (b) means for inserting the tubular into the
wellbore, the tubular comprising at least one fluid
injection port;

[0063] (c) a pump for injecting a fluid through the
tubular and the at least one fluid injection port;

0064] (d) a measuring unit for measuring actual tem-
g 2
peratures at the one or more sensors; and

[0065] (e) a calculation unit for calculating error
between the predicted and the measured temperatures,
and for minimizing the errors by iteratively adjusting
the permeability distribution along the wellbore length.

[0066] Methods and systems of the invention will become
more apparent upon review of the brief description of the
drawings, the detailed description of the invention, and the
claims that follow.

BRIEF DESCRIPTION OF THE DRAWINGS

[0067] The manner in which the objectives of the inven-
tion and other desirable characteristics may be obtained is
explained in the following description and attached draw-
ings in which:

[0068] FIGS. 1, 2, 3, and 4 are schematic diagrams of
systems of the invention; and

[0069] FIGS. 5, 6 and 7 are plots of curves useful in one
or more methods of the invention.
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[0070] 1t is to be noted, however, that the appended
drawings are not to scale and illustrate only typical embodi-
ments of this invention, and are therefore not to be consid-
ered limiting of its scope, for the invention may admit to
other equally effective embodiments.

DETAILED DESCRIPTION

[0071] In the following description, numerous details are
set forth to provide an understanding of the present inven-
tion. However, it will be understood by those skilled in the
art that the present invention may be practiced without these
details and that numerous variations or modifications from
the described embodiments may be possible. In this respect,
before explaining at least one embodiment of the invention
in detail, it is to be understood that the invention is not
limited in its application to the details of construction and to
the arrangements of the components set forth in the follow-
ing description or illustrated in the drawings. The invention
is capable of other embodiments and of being practiced and
carried out in various ways. Also, it is to be understood that
the phraseology and terminology employed herein are for
the purpose of the description and should not be regarded as
limiting.

[0072] As used herein “oilfield” is a generic term includ-
ing any hydrocarbon-bearing geologic formation, or forma-
tion thought to include hydrocarbons, including onshore and
offshore. As used herein when discussing fluid flow, the
terms “divert”, “diverting”, and “diversion” mean changing
the direction, the location, the magnitude or all of these of
all or a portion of a flowing fluid. A “wellbore” may be any
type of well, including, but not limited to, a producing well,
a non-producing well, an experimental well, and exploratory
well, and the like. Wellbores may be vertical, horizontal,
some angle between vertical and horizontal, and combina-
tions thereof, for example a vertical well with a non-vertical
component.

[0073] As mentioned previously, to increase the net per-
meability of a reservoir, it is common to perform a well
stimulation treatment. A common stimulation technique
consists of injecting an acid that reacts with and dissolves
the formation damage or a portion of the formation thereby
creating alternative flow paths for the hydrocarbons to
migrate through the formation to the well. This technique
known as acidizing (or more generally as matrix stimula-
tion) may eventually be associated with fracturing if the
injection rate and pressure is enough to induce the formation
of a fracture in the reservoir.

[0074] Fluid placement is critical to the success of stimu-
lation treatments. Natural reservoirs are often heteroge-
neous; the fluid will preferentially enter areas of higher
permeability in lieu of entering areas where it is most
needed. Each additional volume of fluid follows the path of
least resistance, and continues to invade in zones that have
already been treated. Therefore, it is difficult to place the
treating fluids in severely damaged and lower permeability
zones.

[0075] In order to control placement of treating fluids,
various techniques have been employed. Mechanical tech-
niques involve for instance the use of ball sealers and
packers and of coiled tubing placement to specifically spot
the fluid across the zone of interest. Non-mechanical tech-
niques typically make use of gelling agents as diverters for
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temporarily impairing the areas of higher permeability and
increasing the proportion of the treating zone that goes into
the areas of lower permeability.

[0076] Therefore, for evaluation and optimization of
matrix treatments it is of interest to measure the placement
of treating fluids. The present invention determines fluid
placement in the reservoir by the measurement and inter-
pretation of one or more of temperature, pressure, and flow
rate of fluids injected into the wellbore and close to the fluid
exit from an oilfield tubular, such as coiled tubing, using
special diagnostic plots.

[0077] Methods in accordance with the invention may be
used prior to, during and post treatment, and any combina-
tion thereof, including during all of these. Using one or more
methods within the invention prior to reservoir treatment
will allow estimation of formation damage in each layer of
the reservoir from measurements of injection of an inert
fluid, such as brine, along some or all of the entire length of
the wellbore. The bottomhole temperature data gathered
during the injection test can be interpreted in real time by the
method proposed and “zones of interest” can be identified.

[0078] Use of one or more methods within the present
invention during the treatment will allow monitoring and
optimization of the treatment in real time. The data may be
transmitted to the surface (such as, by a stream of optical
signals) and may be displayed on a computer screen, per-
sonal digital assistant, cellular phone, or other electronic
device for real time interpretation. Placement of fluids in the
formation may be optimized in real time by the use of
diversion agents such as foam, inflatable open hole packers,
fibers, and the like, and combinations thereof, to divert the
stimulation where desired to potential zones. For example, if
one finds that a certain reservoir layer is not being treated the
injection rate of the fluids or the diverter volume or type may
be changed or adjusted to divert the treating fluids to that
layer.

[0079] Post treatment use of one or more methods within
the present invention will allow evaluation of the effective-
ness of the treatment by monitoring the injection of an inert
fluid (such as brine used for post flush) to evaluate the
stimulation achieved in each zone. Alternatively the entire
data set may be recorded and analyzed post treatment (such
as when telemetry equipment is not available).

[0080] Methods of the invention allow for monitoring
fluid placement during matrix treatments by measuring
temperature of the wellbore fluids at a fixed distance from
the fluid injection point. The methods of the invention rely
on gathering temperatures and/or pressures, and in certain
methods using specialized diagnostic plots to estimate the
placement of fluids.

[0081] Systems of the invention are exemplified in four
embodiments illustrated in FIGS. 1-4, wherein like numerals
are employed to described like components unless otherwise
noted. It should be pointed out that the system embodiments
illustrated in FIGS. 1-4 are illustrative only, and not intended
to be limiting in any way. FIG. 1 illustrates embodiment 100,
including a tubular 2 inserted in a cased or uncased wellbore
3 in a formation 5, tubular 2 comprising a section of tubing
4 having at least one fluid injection port 6 and at least one
temperature sensor 8 attached at a known location on tubular
section 4. System 100 includes a pump 10 for injecting a
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fluid through tubular 2, tubular section 4, and the at least one
fluid injection port 6 and into formation 5. A unit 12 allows
generating, in real time or at a later time, diagnostic plot
curves of temperature derivative with respect to time and
temperature derivative with respect to coiled tubing depth,
both obtained at a known fixed distance from the fluid
injection port. A communication link 7 connects temperature
sensor 8 with unit 12, and optionally other units not illus-
trated. Communication link 7 may be fiber optic, hard wire,
or wireless. A curve shape interpreting unit 14 allows for
interpreting the curves generating by unit 12 to determine
location of regions of a hydrocarbon-bearing reservoir
exhibiting flow of the injected fluid, where the flow ranges
from zero to a non-zero value.

[0082] Referring now to FIG. 2 there is illustrated sche-
matically another system embodiment 200 within the inven-
tion, comprising a tubular 2 inserted in a cased or uncased
wellbore 3 in a formation 5, tubular 2 comprising a section
of tubing 4 having at least one fluid injection port 6 and at
least one temperature sensor 8 placed at a known location on
tubular section 4. System 200 also includes a pump 10 for
injecting a fluid through tubular 2, tubular section 4 and the
at least one fluid injection port 6. System 200 includes a
measuring unit 16 for measuring time of arrival of the
injected fluid at temperature sensor 8. A communication link
7 connects temperature sensor 8 with unit 16, and optionally
other units not illustrated. Communication link 7 may be
fiber optic, hard wire, or wireless. Although communication
link 7 is illustrated as traversing through tubular 2 and
tubular section 4, link 7 may traverse in the annulus between
tubular 2 and wellbore or production casing 3.

[0083] FIG. 3 illustrates schematically another system
embodiment 300 within the invention, and includes a tubular
2 inserted in a cased or uncased wellbore 3 in a formation 5,
tubular 2 comprising a section of tubing 4 having at least one
fluid injection port 6 and at least one sensor 8 placed at a
known location on tubular section 4. System 300 includes a
first pump 10a for injecting a first fluid through tubular 2,
tubular section 4, and the at least one fluid injection port 6,
the first fluid having a first fluid property value, and a second
pump 105 for injecting a second fluid through an annulus
between tubular 2 and the cased or uncased wellbore 3, the
second fluid having a second fluid property value that is
different from the first fluid property value. System 300
includes a measuring unit 18 for measuring a differential
between the first and second fluid property values. The first
and second properties may be temperature, pressure, flow
rate, conductance, or some other measurable parameter. A
communication link 7 connects sensor 8 with unit 18, and
optionally other units not illustrated. Communication link 7
may be fiber optic, hard wire, or wireless. Although com-
munication link 7 is illustrated as traversing through tubular
2 and tubular section 4, link 7 may traverse in the annulus
between tubular 2 and wellbore or production casing 3.

[0084] FIG. 4 illustrates schematically a fourth system
embodiment 400 within the invention, and comprises a
prediction unit 20 for predicting temperature as a function of
reservoir permeability distribution at one or more sensors
placed at known locations on a tubular 2 injected into a
cased or uncased wellbore 3 of a formation 3. Tubular 2
comprises a tubular section 4 having at least one fluid
injection port 6; a pump 10 for injecting a fluid through
tubular 2, tubular section 4, and the at least one fluid

Feb. 21, 2008

injection port 6, and a measuring unit 22 for measuring
actual temperatures at the one or more temperature sensors
8 attached to or integral with tubular section 4. System 400
further includes a calculation unit 24 for calculating error
between the predicted and the measured temperatures, and
for minimizing the errors by iteratively adjusting the per-
meability distribution along the wellbore length. A commu-
nication link 7 connects sensor 8 with unit 18, and optionally
other units not illustrated. Communication link 7 may be
fiber optic, hard wire, or wireless. Although communication
link 7 is illustrated as traversing through tubular 2 and
tubular section 4, link 7 may traverse in the annulus between
tubular 2 and wellbore or production casing 3.

[0085] Systems of the invention include those wherein the
temperature sensors may be selected from thermally active
temperature sensors and thermally passive temperature sen-
sors, and wherein the flow meters may be selected from flow
meter spinners, electromagnetic flow meters, pH sensors,
resistivity sensors, optical fluid sensors and radioactive
and/or non-radioactive tracer sensors, such as DNA or dye
sensors. Systems of the invention may include means for
using this information in realtime to evaluate and change, if
necessary, one or more parameters of the fluid diversion.
Means for using the information sensed may comprise
command and control sub-systems located at the surface, at
the tool, or both. Systems of the invention may include
downhole flow control devices and/or means for changing
injection hydraulics in both the annulus and tubing injection
ports at the surface. Systems of the invention may comprise
a plurality of sensors capable of detecting fluid flow out of
the tubular, below the tubular and up the annulus between
the tubular and the wellbore in realtime mode that may have
programmable action both downhole and at the surface. This
may be accomplished using one or more algorithms allow
quick realtime interpretation of the downhole data, allowing
changes to be made at surface or downhole for effective
treatment. Systems of the invention may comprise a con-
troller for controlling fluid direction and/or shut off of flow
from the surface. Exemplary systems of the invention may
include fluid handling sub-systems able to improve fluid
diversion through command and control mechanisms. These
sub-systems may allow controlled fluid mixing, or con-
trolled changing of fluid properties. Systems of the invention
may comprise one or more downhole fluid flow control
devices that may be employed to place a fluid in a prescribed
location in the wellbore, change injection hydraulics in the
annulus and/or tubular from the surface, and/or isolate a
portion of the wellbore.

[0086] The inventive systems may further include differ-
ent combinations of sensors/measurements above and
below, (and may also be at) a fluid injection port in the
tubular to determine/verify diversion of the fluid.

[0087] Systems and methods of the invention may include
surface/tool communication through one or more commu-
nication links, including but not limited to hard wire, optical
fiber, radio, or microwave transmission. In exemplary
embodiments, the sensor measurements, realtime data
acquisition, interpretation software and command/control
algorithms may be employed to ensure effective fluid diver-
sion, for example, command and control may be performed
via preprogrammed algorithms with just a signal sent to the
surface that the command and control has taken place, the
control performed via controlling placement of the injection
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fluid into the reservoir and wellbore. In other exemplary
embodiments, the ability to make qualitative measurements
that may be interpreted realtime during a pumping service
on coiled tubing or jointed pipe is an advantage. Systems
and methods of the invention may include realtime indica-
tion of fluid movement (diversion) out the downhole end of
the tubular, which may include down the completion, up the
annulus, and in the reservoir. Two or more flow meters, for
example electromagnetic flow meters, or thermally active
sensors that are spaced apart from the point of injection at
the end of the tubular may be employed. Other inventive
methods and systems may comprise two identical diversion
measurements spaced apart from each other and enough
distance above the fluid injection port at the end or above the
measurement devices, to measure the difference in the flow
each sensor measures as compared to the known flow
through the inside of the tubular (as measured at the sur-
face).

[0088] The inventive methods and systems may employ
multiple sensors that are strategically positioned and take
multiple measurements, and may be adapted for flow mea-
surement in coiled tubing, drill pipe, or any other oilfield
tubular. Systems of the invention may be either moving or
stationary while the operation is ongoing. Treatment fluids,
which may be liquid or gaseous, or combination thereof,
and/or combinations of fluids and solids (for example slur-
ries) may be used in stimulation methods, methods to
provide conformance, methods to isolate a reservoir for
enhanced production or isolation (non-production), or com-
bination of these methods. Data gathered may either be used
in a “program” mode downhole; alternatively, or in addition,
surface data acquisition may be used to make real time
“action” decisions for the operator to act on by means of
surface and downhole parameter control. Fiber optic telem-
etry may be used to relay information such as, but not
limited to, pressure, temperature, casing collar location
(CCL), and other information uphole. As described therein,
due to the large ID of a straddle tool, a measurement tool is
placed inside the straddle tool housing. A hole is added to the
bullnose, and a tube is run from below the lower seal to
inside the measurement tool. The measurement tool may
then measure treating pressure, bottomhole temperature,
depth via casing collar location (CCL), or some other
parameter, as well as pressure below the lower seal of the
straddle, which may be measured in real-time. By measuring
the pressure below the lower seal, the operator can tell if the
lower seal is leaking, and also if there is cross-flow from one
zone to another. This has the potential to change how the job
is performed in real time and optimize the treatment. This
data would be evaluated realtime to determine if another
treatment of zone is necessary.

[0089] The inventive methods and systems may be
employed in any type of geologic formation, for example,
but not limited to, reservoirs in carbonate and sandstone
formations, and may be used to optimize the placement of
treatment fluids, for example, to maximize wellbore cover-
age and diversion from high perm and water/gas zones, to
maximize their injection rate (such as to optimize
Damkohler numbers and fluid residence times in each layer),
and their compatibility (such as ensuring correct sequence
and optimal composition of fluids in each layer).

[0090] The interpretation method proposed in the inven-
tion is illustrated by the following examples.
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EXAMPLE 1

Interpretation of Bottomhole Temperature Data

[0091] An acid stimulation treatment was performed in an
openhole section of a horizontal well in a carbonate forma-
tion. The treatment objective was to remove drilling induced
damage. By default, the injected treatment fluids take the
path of least resistance and invade the regions that are more
permeable than others. However, it was difficult to pin-point
the regions where the fluids were being injected because the
initial injectivity of the zones and how injectivity changes
with time was not known. Therefore, monitoring of fluid
placement was performed for evaluation and optimization of
the treatment.

[0092] The plot in FIG. 5 shows bottomhole temperature
data obtained during the acid stimulation treatment. The
bottom curve, shaped like an “M” depicts the coiled tubing
depth, whereas the second curve shows the bottomhole
temperature. A temperature sensor was located in the bot-
tomhole assembly on the end of the CT. Prior to start of the
acid treatment, brine was pumped from the coiled tubing
while running in the hole to the heel. During this phase of
the treatment the well was open to the pit, where returns
were monitored. During the main treatment the acid was
continuously pumped with the CT moving up and down the
lateral length at a rate of nearly 6 feet/min [1.83 m/min] and
the injection rate was constant at nearly 2 bbl/min [0.32
m®/min]. At the start of the job (left part of the plot), one can
see that as the pumping of acid began and the formation was
exposed to the acid stimulation fluid, the bottomhole tem-
perature started to decrease. However, the temperature
increased as the CT traversed down the lateral section. This
can mislead one into believing that the majority of the fluids
invaded the heel of the lateral. Therefore, though tempera-
ture is a useful measurement which may hold the key to
solving the problem, its representation alone in graphical
format was insufficient to draw any meaningful conclusions
as to where the fluid invasion was actually taking place in
the open-hole formation.

[0093] The plot of FIG. 6 represents the data of “1st Acid”
treatment in context with entire job data shown in FIG. 5. A
closer look at the data indicated that the rate of change of
bottomhole temperature was not constant even though the
CT was moving at a constant rate of 6 ft/min [1.83 m/min]
and the acid injection was taking place at a near constant rate
of 2 bbl/min [0.32 m*/min]. The bottomhole temperature
sensor was placed a few feet before the distal tip of the CT,
and thus a change in temperature (increase or decrease) was
observed when the fluid came out of the CT, that had a
different temperature than the surroundings. The injected
acid fluid either passed over the sensor in a direction
opposite to that of CT movement, or if the CT sensor entered
a region which was invaded earlier, if the fluid flow was in
the same direction as CT movement. The fact that the entire
section of the well was completed as open hole meant that
the fluid was free to take the path of least resistance; in this
case it seemed to be somewhat away from the heel towards
the toe of the lateral. The initial rapid reduction in bottom-
hole temperature indicated that the bottomhole temperature
sensor was moving into a “cooler region”; where most of the
fluid had already invaded ahead of the sensor and had cooled
the region down before the sensor reached that point. In
short, this example showed that the initial fluid movement
was mostly in the direction of CT movement.
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[0094] When the sensor reached the region marked “I” in
FIG. 6, there was little change in the value of bottomhole
temperature, which was indicated by “flats” in the bottom-
hole temperature profile. This arrested rate of change of
bottomhole temperature indicated that the majority of the
region marked under “I” was at an identical temperature; the
expanse of this region is easily seen from the difference in
CT depth value from its curve. This lead to the first inter-
pretation that sufficient fluid had penetrated this region to
keep its temperature near constant over a length of nearly 75
ft[22.9 m] from 6175 ft to 6250 ft [1882 m to 1905 m]. In
short, when looking at bottomhole temperature curves dur-
ing acid stimulation treatment using point temperature mea-
surement, one should try to identify “flats” or areas where
bottomhole temperature shows little change with CT move-
ment.

[0095] InFIG. 6, a look at bottomhole temperature profile
immediately after Region I suggested that as the sensor
moved away from the previously encountered “colder”
region, it started experiencing slightly warmer temperatures;
the rate of change of bottomhole temperature had gained a
positive value indicating a region where fluids may not have
invaded. However, since the injection was continuously
progressing, the fluid could go in the direction that offered
lowest resistance. This may have been in the region that had
been left “behind” the CT tip, the region “ahead” or both.
For example, if there were no permeable zones after Region
1, the bottomhole temperature would have continued to
increase, although now the direction of fluid flow would
have been opposite to CT movement because there would
have been fewer favorable zones ahead of the CT. In such
cases, as the tip moved further away from the receptive zone
that was left “behind”, higher annular friction may have
been encountered for fluid which had to traverse the greater
distance. This change in bottomhole pressure could have
been detected by monitoring the bottomhole pressure curve,
which may be plotted alongside. In this example though, the
recurrence of bottomhole temperature “flats” (rate of change
of temperature close to zero) indicated that there were other
regions that had cooled down as a result of acid fluid
invasion, and arrested the rate at which temperature was
increasing before the sensor crossed those regions. FIG. 6
shows an increase of nearly 2° F.[1.1° C.] to Region II and
around 0.5° F. [0.28° C.] to the first part of Region III. Note
that the initial bottomhole temperature encountered in
Region III was less than the preceding temperature, indicat-
ing a “cool down”.

EXAMPLE 2

The Use of Temperature Derivative Plots for
Interpretation

[0096] In this example, data for the acid job presented in
Example 1 is used to illustrate the use of temperature
derivative plots for interpretation in accordance with a
method of the invention. FIG. 7 shows the temperature
derivative curve (lower curve) which distinctly shows the
regions where rate of change of bottomhole temperature was
near zero. This provided a better indication of quantifying
the extent of fluid taking regions, rather than getting an
estimate from the bottomhole temperature curve alone. As is
evident from a comparison of FIGS. 6 and 7, the temperature
derivative curve was able to “split” the larger region esti-
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mated between 6175 and 6250 ft [1882 m to 1905 m] into
several smaller regions. There were also a few other regions
visible that were not clearly evident when using bottomhole
temperature plot alone. Therefore, the temperature deriva-
tive curve generated using t*dT/dt and D*dT/dD vs. Time
(or any (t+Dt)/Dt where T=temperature, t=time, D=CT
Depth allowed much more accurate interpretation. Smooth-
ing of the curve, as is seen in plot of FIG. 7 was performed
by use of a standard, readily available algorithm.

EXAMPLE 3

Fluid Invasion in the Reservoir

[0097] In this example data for the acid job presented in
Examples 1 and 2 was used to illustrate how fluid invasion
can be quantified. The solid bars shown in FIG. 7 represent
the degree of fluid invasion across the various zones. Based
on the nature of the slope of the derivative in the identified
“zones”, this method of the invention determined and
assigned the degree of invasion of fluid and represented the
same in graphic format; FIG. 7 shows them as “bars” of
varying dimensions based on perceived effectiveness of
stimulation. The method estimated the degree of invasion by
taking into account the angle of separation from a base line
of 0 degrees; with the degree of invasion diminishing as the
angle approaches 90 degrees.

EXAMPLE 4

Quantification of Pre-Treatment Damage

[0098] This example demonstrates a method to compute
pre-job skin on-the-fly based on Darcy’s equation. Pre-
stimulation treatment skin may be determined during the
initial pass in this diagnostic method where an inert fluid is
injected into the formation. Some of the inputs required for
the calculation, i.e., pressure drop, rate of injection, height of
pay (or region of invasion), volume factor, fluid viscosity,
and the like are known values. Unknowns are reservoir
pressure and an estimated value of permeability, which may
be obtained from the client. Any change in the skin factor
during the matrix acidizing treatment may then be computed
with a better knowledge of fluid invasion profiles.

EXAMPLE 5

Interpretation of Temperature History Along the
Length of the Wellbore

[0099] Inthe acid job described in Example 1, locations in
the reservoir section of the wellbore were visited multiple
times (FIG. 5). This data may be used to create temperature
history for various sections of the reservoir. The rate of
change in temperature at any location may be correlated
with fluid invasion in the zone. Therefore, if the derivative
and bottomhole temperature plots generated during various
phases of the treatment are plotted together vs. depth along
the wellbore, then the zones which show the most rapid
change in temperature can be identified.

[0100] Although specific embodiments of the invention
have been disclosed herein in some detail, this has been done
solely for the purposes of describing various features and
aspects of the invention, and is not intended to be limiting
with respect to the scope of the invention. It is contemplated
that various substitutions, alterations, and/or modifications,
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including but not limited to those implementation variations
which may have been suggested herein, may be made to the
disclosed embodiments without departing from the spirit and
scope of the invention as defined by the appended claims
which follow.

What is claimed is:
1. A method comprising:

(a) contacting a hydrocarbon-bearing reservoir with a
treatment fluid;

(b) monitoring the movement of the treatment fluid in the
reservoir by providing one or more sensors for mea-
surement of temperature and/or pressure, wherein the
sensors are disposed on a support adapted to maintain
a given spacing between the sensors and the fluid exit;
and,

(c) adjusting one or more parameters selected from com-
position of the treatment fluid, injection rate of the
treatment fluid, and pressure of the treatment fluid in
response to the monitoring of movement.

2. The method of claim 1 wherein the adjusting is made

in real time.

3. The method of claim 1 wherein the support is coiled
tubing.

4. The method of claim 1 wherein the support extends
substantially along a full length of a wellbore extending into
the reservoir.

5. The method of claim 1 wherein the treatment fluid and
a second fluid are injected from different flow paths.

6. The method of claim 1 wherein the support comprises
a tubular and the one or more sensors comprises at least one
temperature sensor placed at a known location on the
tubular, the method further comprising:

(a) inserting the tubular into a wellbore extending into the
reservoir, the tubular comprising a section of tubing
having at least one treatment fluid injection port;

(b) the contacting comprises injecting the treatment fluid
through the at least one fluid injection port;

(c) generating diagnostic plot curves of temperature
derivative with respect to time and temperature deriva-
tive with respect to tubular depth, both obtained at a
known fixed distance from the treatment fluid injection
port; and

(d) interpreting shape of the diagnostic plot curves to
determine location of regions of the hydrocarbon-
bearing reservoir exhibiting flow of the injected treat-
ment fluid, where the flow ranges from zero to a
non-zero value.

7. The method of claim 6 wherein the generating diag-

nostic plot curves occurs in real time.

8. The method of claim 6 wherein the interpreting shape
of'the diagnostic plot curves employs one or more plot curve
interpretation algorithms for temperature and/or pressure to
identify regions in the reservoir that are readily accepting the
treatment fluid.

9. The method of claim 6 comprising smoothing the
diagnostic plot curves to reduce any noise in the diagnostic
plot curves prior to the interpreting shape of the diagnostic
plot curves.

10. The method of claim 1 comprising moving the support
during the monitoring.
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11. The method of claim 1 wherein the support comprises
a tubular and the one or more sensors comprises at least one
temperature sensor placed at a known location on the
tubular, the method further comprising:

(a) inserting the tubular into a wellbore in the reservoir,
the tubular comprising a section of tubing having at
least one treatment fluid injection port;

(b) the contacting comprises injecting the treatment fluid
through the tubular and through the at least one treat-
ment fluid injection port; and

(c) measuring time of arrival of the injected treatment

fluid at the temperature sensor.

12. The method of claim 11 comprising providing two or
more temperature sensors and measuring the time for the
injected treatment fluid to travel between two temperature
sensors.

13. The method of claim 1 wherein the support comprises
a tubular and the one or more sensors comprises at least one
temperature sensor placed at a known location on the
tubular, the method further comprising:

(a) inserting the tubular into a wellbore in the reservoir,
the tubular comprising a section of tubing having at
least one treatment fluid injection port;

(b) injecting the treatment fluid through the tubular,
through the section of tubular, and through the at least
one treatment fluid injection port, the treatment fluid
having a first fluid property value;

(c) injecting a second fluid through an annulus between
the tubular and the wellbore, the second fluid having a
second fluid property value that is different from the
first fluid property value; and

(d) measuring a differential between the first and second

fluid property values.

14. The method of claim 13 comprising tracking a fluid
interface between the treatment fluid and the second fluid,
and if the interface is not at a desired location in the
wellbore, adjusting flow rate of the treatment fluid, the
second fluid, or both to move the interface to the desired
location.

15. The method of claim 1 wherein the support comprises
a tubular and the one or more sensors comprises at least one
temperature sensor placed at a known location on the
tubular, comprising

(a) predicting temperatures as a function of reservoir
permeability distribution at the one or more sensors
placed at known locations on the tubular;

(b) inserting the tubular into the wellbore, the tubular
comprising a tubular section having at least one treat-
ment fluid injection port;

(c) injecting the treatment fluid through the at least one
fluid injection port;

(d) measuring actual temperatures at the one or more
sensors; and

(e) calculating error between the predicted and the mea-
sured temperatures, and minimizing the errors by itera-
tively adjusting the permeability distribution along the
wellbore length.
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16. A system comprising:

(a) a support adapted to maintain a given spacing between
one or more sensors for measurement of temperature
and/or pressure in a hydrocarbon-bearing reservoir, the
support comprising a fluid inlet, a fluid passage, and at
least one treatment fluid injection port;

(b) and means for monitoring movement of a treatment
fluid in the reservoir.
17. The system of claim 16 wherein the support comprises
a tubular comprising a section of tubing having the at least
one fluid injection port and at least one temperature sensor
placed at a known location on the tubular, the system further
comprising:

(a) a pump for injecting the treatment fluid through the
tubular, through the section of tubular, and through the
at least one fluid injection port;

(b) a unit for generating diagnostic plot curves of tem-
perature derivative with respect to time and tempera-
ture derivative with respect to coiled tubing depth, both
obtained at a known fixed distance from the treatment
fluid injection port; and

(c) a curve shape interpreting unit for interpreting the
curves to determine location of regions of a hydrocar-
bon-bearing reservoir exhibiting flow of the injected
fluid, where the flow ranges from zero to a non-zero
value.

18. The system of claim 16 wherein the support comprises

a tubular comprising a section of tubing having the at least
one treatment fluid injection port and at least one tempera-
ture sensor placed at a known location on the tubular, the
system further comprising:

(a) a pump for injecting the treatment fluid through the
tubular, thorough the section of tubular, and through the
at least one treatment fluid injection port; and

(b) a measuring unit for measuring time of arrival of the
injected treatment fluid at the temperature sensor.
19. The system of claim 16 wherein the support comprises
a tubular comprising a section of tubular having the at least
one treatment fluid injection port and at least one tempera-
ture sensor placed at a known location on the tubular, the
system further comprising:

(a) a first pump for injecting the treatment fluid through
the tubular, through the section of tubular, and through
the at least one treatment fluid injection port, the
treatment fluid having a first fluid property value;
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(b) a second pump for injecting a second fluid through an
annulus between the tubular and the wellbore, the
second fluid having a second fluid property value that
is different from the first fluid property value; and

(c) a measuring unit for measuring a differential between
the first and second fluid property values.
20. The system of claim 16 wherein the support comprises
a tubular comprising a section of tubular having the at least
one treatment fluid injection port and at least one tempera-
ture sensor placed at a known location on the tubular, the
system further comprising:

(a) a prediction unit for predicting a temperature as a
function of reservoir permeability distribution at one or
more sensors placed at known locations on the tubular
to be injected into a wellbore of a reservoir;

(b) means for inserting the tubular into the wellbore;

(c) a pump for injecting the treatment fluid through the
tubular, through the section of tubular, and through the
at least one treatment fluid injection port;

(d) a measuring unit for measuring actual temperatures at
the one or more sensors; and

(e) a calculation unit for calculating error between the
predicted and the measured temperatures, and for mini-
mizing the errors by iteratively adjusting the perme-
ability distribution along the wellbore length.

21. A method of treating a subterranean formation com-

prising:

(a) providing a support comprising a tubular and one or
more sensors, the one or more sensors comprising at
least one temperature sensor placed at a known location
on the tubular;

(b) inserting the tubular into a wellbore extending into the
reservoir, the tubular comprising a section of tubing
having at least one treatment fluid injection port;

(d) contacting a hydrocarbon-bearing reservoir with a
treatment fluid; and,

(e) monitoring the movement of the treatment fluid in the
reservoir by providing one or more sensors for mea-
surement of temperature and/or pressure, wherein the
sensors are disposed on a support adapted to maintain
a given spacing between the sensors and the fluid exit.



